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Abstract

Climate change is an important environmental issue that may have significant

adverse impacts on human welfare. Consequently, prudent actions are needed

immediately to control the emissions of CO2, the main contributing greenhouse

gas for climate change. Since electric power generation is a location specific and

intensive source of CO2 emissions, focusing on reductions in this sector can have

relatively rapid and significant effects on overall CO2 levels. In this context, this

thesis makes three principal contributions.

First, the effectiveness of wind power for carbon management of electric power

systems is assessed. Wind power is considered as a critical technology to produce

electricity without CO2 emissions. However, wind power is a variable source of

electricity and power systems operated with wind power must ensure system relia­

bility by firming wind variations. In this work, using the Alberta electric system as

a case study, the effectiveness of wind power for carbon management is assessed

taking the ancillary costs and emissions associated with firming wind power varia­

tion into account. Operations of the Alberta electric system with different levels of

wind penetration are simulated using dispatch models that have sufficient resolu­

tion to capture the dynamics of wind variations. The main result of this work is a

set of carbon abatement supply curves.

Second, a stochastic decision support model that can be used for operational

decision making of a wind power plant (WPP) and a compressed air energy storage

system (CAES) that jointly participate in a day­ahead electricity market is devel­

oped. This model inherently takes the uncertainty of wind and market price of

electricity and derives the optimal operating rules that maximize profits of the WPP

and CAES system.
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Third, the role of cogeneration for carbon management is evaluated utilizing

a mass and energy balance model and engineering economic analysis. By using

cogeneration for satisfying the energy demands of the oils sands operations in Al­

berta as an example case, this work further examines the arbitrary characteristics

of facility­ and product­based carbon emissions control regulations.

Contributions of this thesis are intended to support efficient climate change

mitigation policy making.
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Chapter 1

Introduction

Climate change is one of the most important environmental issues that humanity

confronts. Scientific studies such as the assessment reports of the Intergovernmen­

tal Panel for Climate Change (IPCC) [1] conclude that climate change is unequivocal

and driven mainly by human activities. A primary concern is the climate anomalies

triggered by rising average atmospheric temperature due to the increased levels of

greenhouse gases (GHG) in the atmosphere [2]. While there are many GHGs, an­

thropogenic carbon dioxide (CO2) is the main contributor for the climate change.

The main source of anthropogenic CO2 is fossil fuel combustion for energy

services; with this the post industrialized era saw a steady increase in CO2 con­

centration [2]. For example, fossil fuel CO2 emissions has increased from 25.7

MtCO2/year in 2000 to 30.8 MtCO2/year in 2006. The average growth rate of fossil

fuel CO2 emissions has increased from 1.3%/year for 1990­1999 to 3.3%/year for

2000­2006 [3]. Scientific studies based on the present understanding of the earth’s

climate system have predicted a range of adverse impacts of climate change, includ­

ing events with direct impacts on humanity such as precipitation pattern changes,

decrease of agricultural productivity, heat waves, and catastrophic events such as

sea level rise due to the complete melting of west Antarctic ice sheets [2,4]. Due to

the complex nature of the earth’s climate system, there is considerable uncertainty

in these impacts [1, 2, 5]. Nevertheless, the potential magnitude of the impacts of

such events on human welfare and the long timescales that involve in the develop­

ment of new energy infrastructure and in the climate response for changes in GHG

emissions call for immediate implementations of climate change mitigation strate­
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gies, mainly those that are directed to reduce anthropogenic GHG emissions [2,5].

For example, Caldeira et al. show that regardless of the range of uncertainty for

climate sensitivity1, as predicted by present climate models, 75 to 100% of human­

ity’s total energy demand will need to be provided by non CO2 emitting sources by

the end of twenty­first century in order to stabilize the earth’s average temperature

at 2◦C above the pre industrial levels2 [7]. A recent study by Meinshausen et al. [6]

has developed probability distributions for exceeding earth’s average temperature

by 2◦C above the pre industrial levels under various CO2 emissions scenarios in

the first half of the twenty­first century (2000­2049). According to that study, in

order to limit the probability of exceeding 2◦C warming below 25%, the cumula­

tive CO2 emissions in the 2000­2049 period should be kept below 1000 GtCO2 [6].

However, as discussed in [3] the cumulative emissions in 2000­2006 period were

234GtCO2 with an emissions rate of 36.3GtCO2/year. According to [6], keeping

the emissions rate at the 2006 level for the remainder of the century will make the

probability of exceeding 2◦C warming greater than 50% by 2039. As a consequence,

prudent actions must be taken immediately to control the CO2 emissions to reduce

the likelihood of adverse impacts on human wellbeing due to climate change.

1.1 Climate Change and the Electric Power Sector

The electric power sector is the largest CO2 emitter of the world due to its fossil

fuel dominated electricity generation. In 2008, approximately 68% of the primary

energy used by the electricity sectors worldwide was fossil fuels, of which 41 per­

centage points was high CO2 intensive coal [8]. The high share of emissions and

the fact that electric power plants are large point CO2 sources have made the elec­

1Climate sensitivity is defined as the global mean climatological temperature change resulting
from a doubling of atmospheric CO2 content

2Warming limit of 2◦C or bellow has been set by over 100 countries as a guiding principal for
mitigation efforts [6]
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tric power sector the main target for CO2 emission reduction. Furthermore, the

marginal cost of reducing emissions in the electricity sector is reported to be lower

than other sectors such as transportation, and therefore, the electricity sector

may deliver the largest proportional CO2 reductions under an economically efficient

climate policy [9]. For example, emission reduction scenarios developed by the

International Energy Agency (IEA) to stabilize the atmospheric CO2 concentration

at 450ppm by 2050 calls for more than 50% CO2 reduction in the electric power

sector [10].

An ensemble of proven technology options for managing CO2 emissions from

electric power sector exist; most of them are already in use at different scales.

These options include nuclear power, hydroelectric power, biomass, geothermal,

wind power, solar power, and fossil based generation with carbon capture and se­

questration (CCS) [9–12]. The renewable power options such as hydro, solar, and

wind are considered the most environmentally benign options for producing elec­

tricity without carbon emissions and they are receiving increased interest world­

wide. At present approximately 19% of primary energy consumed by the electricity

sectors worldwide are renewables, of which approximately 85% is hydropower [8].

The principal objective of this thesis is to assess technical and policy options

for carbon management of electric power systems.

1.2 Research Objectives

Decarbonizing the electricity sector requires investments in low/zero carbon in­

tensive electricity generation technologies. Those investments are complicated by

the existing capital stock of power generation infrastructure, which is long lived

and implies significant replacement costs. Therefore, effective carbon management

policies are required to attract investments in low carbon intensive generation tech­
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nologies. To achieve optimal results, carbon management policies should be de­

signed such that, when enforced, the generation options that provide maximum

CO2 emissions reduction at the lowest cost becomes economically competitive, at­

tracting investment. Among other things, a key information requirement for the

design of such policies is the marginal abatement costs of carbon of different op­

tions available for mitigating CO2 emissions.

The first objective of this thesis is to provide high confidence estimate of the

carbon abatement cost of wind power. Wind power is considered to be a critical

technology to move away from fossil fuel derived electricity and to sustain deep

carbon cuts in the electricity sector.

Estimating the abatement cost of wind power is complicated by the variable

nature of wind power generation. In power system operations, the demand and

supply need to be matched almost instantaneously. Therefore, in order to operate

electric power systems with a large amount of wind power, firming power has to be

provided from dispatchable generating units, which may add costs and emissions.

In this thesis, the carbon abatement cost and variability cost of large scale wind

power are estimated through simulations of real power system operations.

The second objective of this work is to investigate the feasibility of using large

scale electric energy storage (EES) systems to mitigate the challenges faced by

a wind power plant (WPP) operator due to variability of wind power in practical

power system environments. Compressed air energy storage (CAES) is a proven

large scale EES technology that has gained interest of power system planners and

investors. In this thesis, an operations optimization model that can be used to

support optimal operations decisions of a WPP that is in joint operation with a

CAES system is developed. The model specifically addresses the uncertainty in the

wind resource availability and market price of electricity.
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The third objective of the thesis is to provide insights into the arbitrary nature

of some present carbon management policy practices. An economically efficient

climate policy should create a single economy wide marginal carbon price signal

either in direct form, such as a carbon tax, or in an implied form such as a cap and

trade system. However, in response to political pressure against enforcements of

such measures, some jurisdictions have chosen to use complex facility or product­

based policy tools to control carbon emissions. However, the choice of facility­ or

product­based carbon accounting methods is inherently arbitrary. In this thesis,

analysis of emissions accounting methods and insights into their arbitrariness

are provided by taking an illustrative example from the use of cogeneration for

electricity and heat production for oil sands operations in the Canadian province

of Alberta.

The research work presented in this thesis is designed to contribute to the

engineering and public policy knowledge pertaining to carbon management policy

making.

1.3 Thesis Structure

The rest of the thesis is organized as follows.

Chapter 2: The research work presented in this chapter assesses the role of large

scale wind power for carbon management of electric power systems. Carbon

abatement supply curves of wind power pertaining to the Alberta electric

system are developed by simulating the power system operations in a single

year at 10 minutes time steps. This chapter provides analysis designed to

support efficient carbon management policy. A review of related literature

and mathematical formulation details of the models used to simulate the

Alberta electric system are also presented.
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Chapter 3: This chapter presents an operations optimization model for a wind

power plant and a CAES system that jointly participate in a day­ahead elec­

tricity market. The model utilizes a two stage stochastic programming ap­

proach to produce optimal operations decisions under wind resource and

electricity price uncertainty. The model also includes integrated risk man­

agement measures.

Chapter 4: This chapter evaluates the role of cogeneration as a carbon manage­

ment option for Alberta and provides insights about the arbitrariness of the

choice of accounting methods for facility based carbon management policies.

This chapter also evaluates the efficiency of current and alternative emissions

control policies in Alberta.

Chapter 5: This chapter summarizes the conclusions and contributions of the

thesis.
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Chapter 2

Assessing the Effectiveness of Wind Power for Carbon

Management of Electric Power Systems

2.1 Introduction and Background

Wind power is currently the fastest growing electricity generation technology in

the world. Since 2001, global installed wind capacity has grown by 20­40% per

year. At the end of 2010 the global installed wind capacity was 197GW, which is

approximately 11 times the capacity in 2000. Five countries namely, Germany,

United States, Spain, India, and China hold 73% of global installed wind capacity

[13]. U.S. had the highest installed capacity at 40.2GW and China had the highest

growth rate. As of April 2011, Canada’s installed wind capacity was 4588MW with

Ontario leading at 1636MW, followed by Alberta at 777MW [14]. The average wind

power growth rate in Canada in 2006­2010 was 29%.

Since the early 1980s commercial wind turbines have improved enormously

in terms of their capacity, efficiency, and visual design. The cost of wind power

has been reduced by a factor of four since the 1980s, largely due to the technol­

ogy developments, scaling up turbine size, and increased manufacturing capac­

ity [10, 15,16]. However, the turbine prices have increased since 2004, with high

demand being a driving factor [10, 16]. The cost of wind generated electricity is

largely determined by available wind resources. According to estimates presented

in [10], accounting for the capital costs and operating and maintenance costs, the

cost of electricity generated from wind is 89­135 US$/MWh for low average wind

speeds and 60­94 US$/MWh for high average wind speeds. Many jurisdictions pro­
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vide incentives and production credits as well as supporting policy environments

for wind power developments. Some notable examples include the U.S. Federal Pro­

duction Credit, Renewable Portfolio Standards adopted by various U.S. states, fixed

feed in tariff system in Germany, European Union Renewable Electricity Directive,

and EcoEnergy clean energy production credits in Canada [16–19].

Wind power has emerged as a proven technology for obtaining deep carbon cuts

in the electric power sector as well as to ensure energy security by an ensemble

of future generation scenarios [10, 11,20–22]. However, two factors—the variabil­

ity of wind power generation and the spatial distribution of wind resources—may

complicate the effectiveness of wind power to reduce carbon emissions in the elec­

tric power sector [23]. The research study presented in this chapter assesses the

effectiveness of large scale wind power for carbon management of electric power sys­

tems. The remainder of the chapter is organized as follows. Section 2.1.1 describes

the research problem and reviews the related literature. Section 2.1.2 formulates

the research questions. Sections 2.2 and 2.3 describes the simulation experiment

carried out and the mathematical formulation of simulation models. Results of the

study are discussed in section 2.2 and the conclusions are drawn in section 2.5.

2.1.1 Wind Power Integration and Carbon Management: Previous Studies

To ensure the reliability of an electric power system, electricity demand and supply

must be matched instantaneously as large scale electric energy storage is presently

not widespread available. Since demand is variable, in the process of matching de­

mand with supply, variability in three time scales must be addressed by the power

system operator: seconds­to­minutes, intra­hour, and hours to days [24]. Hours

to days demand variations are managed using demand forecasts, unit commitment

services, and economic dispatch services. Variations in the remaining two time

scales are managed using ancillary services. Regulation service that employs au­
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tomatic generation control is employed to manage seconds­to­minutes variations.

Load following service that use operating reserves (both spinning and non­spinning)

is used to manage intra­hour variations1.

Wind power is a variable source of power and it is difficult to predict the wind

resource availability with high accuracy over daily periods [25]. The output of

a wind power plant (WPP) typically varies over time scales of seconds to weeks

[26]. Hence, adding WPPs significantly increase the variability of the supply side

in all three aforementioned time scales. In order to compensate for wind power

variations, system operators must procure firming capacity through regulating and

operating reserves, increasing the operating costs. Furthermore, the operating

costs can increase due to impacts on other generating units. For example, to be able

to ramp up or down to firm up the wind variations, thermal generating units in the

system may have to divert from their optimal and most efficient operating points,

increasing fuel costs. Number of conventional unit startups and shut­downs may

increase (both planned and unplanned), in order to maintain committed capacity to

manage system variability. Since thermal generating units in general are designed

for continuous operations the cyclical operations due to wind variability may lead

to higher wear and tear, increasing the maintenance costs [27]. Other cost factors

include high operating costs of fast response units that are dispatched to firm

up wind power variations, lost revenues for conventional generating units, and

demand curtailments.

The impacts of wind power variability on power system operations have been

previously studies. The vast majority of these studies have been carried out by

Independent System Operators (ISO) and Regional Transmission System Operators

1The exact terminology of these ancillary services and the time boundaries that separate them
are not universal; depend on the power system that employs them. Discussion presented here has
taken the most common terminology in power system literature
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(RTO) of power systems with increasing wind penetration levels2. A number of

wind integration studies from the U.S. are summarized in [16,24]. Similar studies

from some European countries are summarized in [28,29]. The impacts of wind

power on the Ontario power system are studied in [30] and on the Alberta power

system in [31–33]. All studies cited here have assessed the physical impacts of

wind power on power system operations; some have also estimated the financial

impacts. Methods employed for these studies include probabilistic methods such

as ones proposed in [34] and sophisticated dispatch models and electricity market

simulators, that are usually proprietary and accessible only by ISOs and RTOs.

The physical impacts of wind, as found by the aforementioned studies, include

increase of regulating and load following reserve requirements and need for flexi­

ble generating units with higher ramp rates. The costs of wind power variability

reported in the U.S. studies are in the range of 0.45­9 US$/MWh of wind energy

at wind penetration levels of 3.5­31%. The exact variability cost depends on the

study assumptions and the structure of the power system being studied. Neverthe­

less, the general conclusion is that the variability cost rises with increasing wind

penetration level.

Another issue with wind power is that the sites with good wind resources gen­

erally tend to be in remote locations, far from the major demand centers. This fact

has been observed in almost all jurisdictions worldwide that experienced signifi­

cant wind power developments [23,35]. Grid integration of wind power plants sited

on those sites demands new transmission development and/or reinforcement of

existing transmission systems, increasing the cost of wind integration [36]. WPPs

produce electricity only when wind is blowing and the reported capacity factors for

onshore wind power plants are in the range of 25­35% [10,37]. This characteristic

2Throughout this thesis the term wind penetration refers to the installed wind capacity as a
percentage of the annual peak demand of the power system
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may lead to transmission line underutilization and higher transmission cost.

The variability of wind resources also leads to uncertainties in the effectiveness

of wind power for carbon management. Regulation and load following reserves

that are employed to provide firming power are, in general, conventional thermal

generating units with fast response capability, although hydroelectric generators

are the preferred choice where available. The main types of conventional generators

used are natural gas fired simple cycle and combined cycle gas turbine generating

units (SCGT and CCGT), resulting in non­zero net CO2 emission from wind power.

Moreover, in order to firm the output of a WPP, the firming units may have to be

ramped up/down more frequently. As a consequence a recent study that simulated

WPPs backed up by a SCGT units in intra­hour time scale, concludes that the SCGT

units may emit higher than expected levels of CO2 emissions due to the anomalous

ramping [38]. The same study also found higher levels of nitrogen oxides (NOx), a

regulated class of air pollutants, than their rated emission levels due to high unit

ramping.

Electricity generation units displaced by wind power have a significant impact

on CO2 emissions reduction in electric power systems. For example, wind power,

particularly at low penetration levels, may displace only marginal generating units.

To satisfy the time varying demand, power system operators typically dispatch dif­

ferent generating units by taking a cost minimization approach. Usually marginal

units are natural gas fired generators that have higher marginal costs but lower

carbon intensities. High carbon intensive coal units usually operate as baseload

units due to their lower marginal cost and may not be displaced by wind power.

However, this fact can change with higher wind power penetration levels.

Two other factors may lead to uncertainties in the effectiveness of wind power

for carbon management of electric power systems. First, in addition to increasing
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the cost, operating thermal units at non­optimal points can increase the carbon

intensity of produced electricity due to reduced relative efficiency. Second, increase

in unit startups and shutdowns consume more fuel, increasing CO2 emissions.

The carbon management benefits of wind power have also been previously stud­

ied. CO2 emissions reduction potential of wind power in Nordic countries is studied

using a commercially available electricity market simulators in [39]. Through power

system simulations, this study has estimated potential CO2 emissions reductions

in a single year (at weekly time steps) and multi­year periods (at 5­year time steps).

The study has found that the emissions reduction potential of wind range from

0.62­0.7 tCO2/MWh of wind at an abatement cost of 35­20 Euro/tCO2 (43.75­25

US$/tCO2).

Carbon abatement supply curves3 for wind power in the U.S. and OECD Europe4

are developed in [40]. Aggregated load duration curves are used with a power

system simulator that runs in monthly time steps for this study. Carbon abatement

cost of 20­155 US$/tCO2 has been reported to abate 50­550 MtCO2.

CO2 , NOx, and SO2 (sulfur dioxide) emissions reduction potential as well as net

economic benefits of wind power in Ireland are assessed in [27] using a dispatch

model that runs at hourly time steps. One important finding of this study is the

potential increase in CO2 emissions at high wind penetration levels due to cyclical

operation of thermal units.

The economics of wind power considering both variability and spatial distribu­

tion of wind resources have been studied in [23]. This study utilized a green­field

approach where WPPs, CCGT units, SCGT units, compressed air energy storage

systems, and transmission lines are optimally built to satisfy an electricity demand.

3A carbon abatement supply curve plots the marginal abatement cost against the level of
CO2 emissions reduction achieved by an emissions mitigation option

4OECD Europe includes the Western European countries that participate in the Organisation of
Economic Cooperation and Development
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Using a dispatch model that runs in hourly time steps, this paper investigated the

CO2 emissions reduction potential of wind power. The study concludes that even

with the increase in average cost due to variability and transmission line addi­

tions, wind power is a competitive option for managing carbon emissions in electric

power systems. This study also formulated supply curves of carbon abatements

and finds that 50% of emissions reductions relative to the baseline (the baseline

system consists of CCGT and SCGT units) can be achieved at an abatement cost of

125 US$/tCO2.

2.1.2 Research Objectives and Contributions

Reducing CO2 emissions in the electric power sector is one of the most significant

climate change mitigation options available to policy makers. Wind power is a

proven technology that can produce electricity without carbon emissions. As De­

Carolis and Keith argue in [23], perhaps the most important role of wind power

is to produce electricity without CO2 emissions. However, as discussed in sec­

tion 2.1.1, due to the spatial dispersion of wind resources, ancillary costs of wind

variability, and carbon emissions associated with managing the variability of wind

power, there is uncertainty in wind power’s ability to reduce CO2 emissions at a

competitive cost. It is imperative that the carbon abatement cost of wind power is

estimated at high confidence levels taking into account the challenges for practical

power systems due to the natural behavior of wind. Such estimates can be used

to formulate carbon abatement supply curves to inform the carbon management

policy making.

The principal research question posed in this chapter is: if a large volumes of

wind power were added to an existing electric power system, how would the carbon

abatement cost unfold ? The research work presented in this chapter attempts to

answer this question by simulating operations of the electric power system of the
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Canadian province of Alberta.

Secondary objectives of the study are a) to estimate the cost of uncertainty and

variability of wind power at different penetration levels; b) to provide insights of the

transmissions system requirements necessary to support large­scale wind power

developments in Alberta.

In contrast with previous studies, the key contribution of this work is formula­

tion of carbon abatement supply curves that are generated using a high resolution

dispatch model, more effectively capturing the wind power and electricity demand

dynamics. System impact studies presented in [16,24,28–33] have focused only on

operational costs and do not provide emissions estimates. The penetration levels

considered for these studies are also limited (up to 20­30%). Simulation models

in [39,40] relied on very long time steps and aggregated demand data. Therefore,

they were not able to capture the variability of wind power. In this respect, mod­

els used in [23, 27] have made improvements by using an hour­long time steps,

although they may still not be able to fully capture the impacts of wind variability.

The simulation models developed for this study have very detailed represen­

tations of generating units, including the efficiency degradations due to part­load

operations of thermal generating units, startup fuel consumptions, ramping limits,

and challenges for operations planning due to unpredictability of wind resources

in daily time periods. Furthermore, the models and the data used for the current

work are fully transparent, which is important for analyses that are intended to

inform policy.

2.2 Description of the Simulation Experiment

In this section, a simulation experiment is designed to estimate the carbon abate­

ment cost of large­scale wind power. In order to make an accurate estimate of
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operating costs and emissions, it is important that the simulation models cap­

tures the dynamics of wind power and demand variations. It is also important

that the methodology used approximates how the actual power systems are op­

erated. As discussed in section 2.1.1, the variations of demand and wind can

be divided in to three time frames: seconds­to­minutes, intra­hour, and hours to

days. This simulation experiment focuses on the latter two time frames. Impacts

in seconds­to­minutes time frame are not studied, primarily due to unavailability

of high­resolution wind power and demand time series data.

In power system operations, satisfying the demand at a certain point in time

is a multistage process. The system operators forecast the demand and schedule

generating units to satisfy the demand of all time periods in the planning period

at the lowest cost while taking physical constraints of the generating units and the

transmissions system into account. Prior scheduling of generating units must be

carried out for number of reasons, including the lead times of thermal generating

units to synchronize to the network and deliver power, minimum up time and

down time limits of thermal generating units, spinning reserve allocations to ensure

system reliability, and transmission system constraints. In case of deregulated

electric power systems, prior scheduling of generating units is done by conducting

an auction, where energy suppliers and buyers bid hourly prices and quantities (see

section 3.1.1). In real­time operation, the generating units are dispatched to satisfy

the demand at a lowest cost, with subject to physical limitations. The available

generating units to satisfy the real­time demand are limited by the schedule set in

the planning stage, and system operators maintain capacity reserves to respond

for unforeseen events. Unscheduled fast acting units may have to be brought

on­line. Operators of power systems with higher wind penetrations, may have to

supplement operations planning by forecasting the wind power availability.
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In this experiment, two models–a unit commitment model and a real­time op­

eration model–have been developed to simulate the supply and demand matching

process of a practical power system. The objective of the unit commitment model

(hence forth referred to as the UC model) is to schedule the available generating

units to satisfy the forecasted demand in the all time periods in the planning period

at a minimum operating cost. Further details of unit commitment problem can be

found in [41]. The UC model schedules the generation units for a period of 24 hours

to satisfy the forecasted load at 1h time steps. UC model also takes the forecasted

wind power availability in the planning horizon into account. The mathematical

formulation of the UC model is discussed in section 2.3.1.

The real­time operation model (henceforth referred to as the RO model) is formu­

lated as an economic load dispatch (ELD) problem [41]. This model simulates the

real time generating unit dispatch in time steps of 10 minutes. It should be noted

that the RO model dispatches the generating units according to their marginal

cost. This is analogous to a fully competitive electricity market setting where none

of the generating units have market power. The mathematical formulation of the

RO model is discussed in section 2.3.2.

A similar multistage approach has been taken by Sioshansi & Short in [42]

to study the effect of real­time pricing on economics of wind power; by Wang et

al. in [43] to study the impact of wind power on thermal unit commitment and

dispatch.

2.2.1 Power System Studied in the Experiment

Due to the province’s need to reduce the CO2 emissions, the growing wind power

industry, and high share of coal­fired generator fleet, this research study uses the

Alberta electric power system as the test system to investigate the effectiveness

of wind power for carbon management. The Alberta power system’s current total
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(6) Northwest (5) Northeast

(4) Edmonton

(3) Central

(2) Calgary

(1) South

Figure 2.1: Simplified transmission model of the Alberta Electric Power System
Each bus represents a transmission region in Alberta. All of the WPPs considered for the
simulation experiment are in bus 1 (South). The seven transmission lines correspond to
major transmission corridors. Major demand centers are in regions represented by buses
2 (Calgary), 4 (Edmonton), and 5 (Northeast).

installed generation capacity is 13,520 MW, of which approximately 46% is coal­

fired generating units [44]. The system has a winter peak demand of approximately

10,000 MW and the annual load factor is about 80%. Alberta’s electricity trans­

mission system consists of a 240kV backbone connected to 144kV, 138kV, 72kV,

and 69kV low voltage transmission lines and over 2000 buses [44]. The electricity

sector in Alberta is deregulated and power generation is treated as a competitive

business. The Alberta Electric System Operator (AESO) is the independent system

operator in Alberta. The current installed wind power capacity is 777MW and ac­

cording to the AESO another 1600MW of WPPs have either applied to or received

power plant approval. The interest for potential wind power developments is re­

ported to be about 6GW. Among other reasons, limited interconnections and high

share of inflexible generator fleet have posed challenges for large scale wind power

in Alberta. More than 60% of the annual electricity produced is generated by coal
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fired power plants making the Alberta power system the most carbon intensive

electric power system in Canada. In 2008, electricity generation in Alberta pro­

duced 53.2 MtCO2 equivalent, which is 7.3% of total Canadian emissions and 22%

of the provincial emissions [45].

The models developed for this study represent the Alberta power system by

6 buses and 7 transmission lines. Each bus represents a transmission region

as per AESO specifications [46]. This simplified transmission model is depicted

in figure 2.1. Alberta currently has limited tie line capacities to the neighbouring

power systems of British Columbia and Saskatchewan. These lines are not modeled

in the current implementation of the model. Exclusion of interconnections does not

significantly affect the results and conclusions of this study as imports and exports

represent only about 3% and 0.7% of the total demand of Alberta respectively. The

results produced by the model are crosschecked with actual historical data and

found to have satisfactory accuracy levels.

2.3 Model Formulation

2.3.1 Unit Commitment Model

The UC model is characterized by the objective function (2.1).

minimize
∑

t∈T

∑

j∈G

[

fj(gjt) · τ
uc + Csu

j · zjt
]

+
∑

t∈T

∑

k∈K

C ls · luskt · τ
uc (2.1)

The objective function (2.1) minimizes the sum of fuel costs, unit startup costs

and unserved demand costs in planning horizon T. Cost summation is appropri­

ately carried out over the set of generating units G, set of buses K and set of time

T. The fuel cost in supplying gjt MW by unit j in time period t is calculated by the

unit’s fuel cost function, fj(·) (in $/h). The time step of the UC model, τuc, is equal
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to 1 hour. The startup cost of unit j is Csu
j ($) and startup of unit j in time period

t is determined by the binary variable zjt. C ls is the cost of unserved demand (in

$/MWh) and luskt is the unserved demand (in MW) at bus k in time period t. The

operating cost is minimized subject to constraints (2.2)­(2.16).

∑

i∈Gk

git = lkt − luskt + pkt, ∀k ∈ K, ∀t ∈ T (2.2)

pkt =
∑

r∈K

−bkr · (δkt − δrt), ∀k ∈ K, ∀t ∈ T (2.3)

− Tmax
kr 6 −bkr · (δkt − δrt) 6 Tmax

kr , ∀(k, r) ∈ K, ∀t ∈ T (2.4)

ujt · P
min
j 6 gjt + rjt 6 ujt · P

max
j , ∀j ∈ G, ∀t ∈ T (2.5)

∑

j∈G

rjt > Rt, ∀t ∈ T (2.6)

rjt 6 P res
j , ∀j ∈ G, ∀t ∈ T (2.7)

git > Pmr
it , ∀i ∈ Gmr, ∀t ∈ T (2.8)

git 6 P hav
it , ∀i ∈ Gh, ∀t ∈ T (2.9)

git 6 Pwav
it , ∀i ∈ Gw, ∀t ∈ T (2.10)

zjt > ujt − ujt−1, ∀j ∈ G, ∀t ∈ T (2.11)

yjt > ujt−1 − ujt, ∀j ∈ G, ∀t ∈ T (2.12)

ζ−i +
t

∑

q=t−D
up
i

zit 6 uit, ∀i ∈ Gth, ∀t ∈ T (2.13)

ξ−i +
t

∑

q=t−Ddn
i

yit 6 1− uit, ∀i ∈ Gth, ∀t ∈ T (2.14)

− P rl
j 6 gjt − gj(t−1) 6 P rl

j , ∀j ∈ G, ∀t ∈ T (2.15)

gjt, rjt > 0, ujt, yjt, zjt ∈ {0, 1}, ∀i ∈ Gw, ∀t ∈ T (2.16)

The power balance constraint (2.2) ensures that in time period t, the sum of power
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produced by all the generating units connected to the bus k (Gk is the set of all the

generators connected to bus k) is equal to the sum of the demand at the bus k, lkt,

and the summation of power flow in all transmission lines between bus k and other

buses, pkt, minus the unserved demand, luskt . Total power flow out from the bus k

in time t, pkt is calculated by (2.3) using linearized power flow method (also known

as DC power flow) [41]. In (2.3), bkr is the susceptance of the transmission line

between buses k and r. The voltage angles of buses k and r at time t are denoted

by δkt and δrt respectively. Constraint (2.4) ensures that the power flow in a certain

line is within its capacity (±Tkr).

Constraint (2.5) ensures that in time period t, if the unit j is committed, the

sum of its output gjt and the amount of spinning reserves it provides, rjt, is within

the feasible operating range of the unit. Pmax
j and Pmin

j are the maximum and

minimum operating limits of unit j respectively. The commitment variable of unit

j, ujt, determines whether or not the unit is committed in time t.

Constraint (2.6) ensures that the spinning reserves provided by all units satisfy

the spinning reserve demand of the system in time t, Rt. Constraint (2.7) controls

the amount of reserves provided by unit j where, P res
j is its reserve limit.

Constraint (2.8) ensures that in time t, the output of each unit in set of gener­

ators that have must­run constraints (Gmr) is equal or greater than the must­run

limit, Pmr
it . The output of each unit in hydro generating unit set Gmr is constrained

by resource availability in time t, P hav
it (2.9). Similarly, output of wind units is

constrained by wind availability in time t, Pwav
it (2.10).

Constraint (2.11) represents the state transition of unit j in time t from off to

on. Similarly, Constraint (2.12) represents the reverse state transition of unit j

in time t where yjt is the binary variable that determines the unit de­commitment.

The constraint (2.13) controls the minimum up­time of thermal generating unit Gth
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where, Dup
i is the minimum up time of the thermal unit i. The binary parameter ζ−i

is appropriately set considering the running history of unit i at time t. Similarly,

(2.14) controls the minimum down­time of thermal units where, Ddn
i is the mini­

mum down­time of unit i. The binary parameter ξ−i is set considering, how long

the he unit has been off­line prior to time t. Constraints (2.13)­(2.14) have been

adopted from [42].

Inter­time step ramping of generating units is controlled by the constraint (2.15),

where P rl
j is the ramp limit of unit j. Finally, (2.16) ensures the non­negativity of

decision variables gjtandrjt; integrality of decision variables ujt, zjt, andyjt.

2.3.2 Real­time Operation Model

The objective of the real­time operation model is to dispatch the available generating

units to satisfy the demand in the time period of interest (t∗) while minimizing the

total cost of fuel and cost of unserved demand. The objective function of this model

is given by (2.17) where τ rt is the time step of the model. In this study, τ rt is set to

10 minutes. Similar to the UC model, fj(·) calculates the fuel cost of the unit j.

minimize
∑

j∈G

fj(gjt∗) · τ
rt +

∑

k∈K

C ls · llskt∗ · τ
rt (2.17)

The objective function (2.17) is subject to constraints (2.18)­(2.26). These con­

straints are identical to those of the UC model. Power balance is ensured by (2.18)

and (2.19). Transmission limits are enforced by (2.20). Feasible operating region

of a generating unit is controlled by (2.21) while must­run generation levels are

enforced by (2.22). Hydro and wind generation bounds are set by (2.23) and (2.24)

respectively. The ramping limits are enforced by (2.25). Non­negativity and inte­

grality of appropriate variables are ensured by (2.26). Note that there are no reserve
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allocations, unit state transitions, and minimum up­ and down­time limits in the

RO model.

∑

i∈Gk

git∗ = lkt∗ − llskt∗ + pkt∗ , ∀k ∈ K (2.18)

pkt∗ =
∑

r∈K

−bkr · (δkt∗ − δrt∗), ∀k ∈ K (2.19)

− Tmax
kr 6 −bkr · (δkt∗ − δrt∗) 6 Tmax

kr , ∀(k, r) ∈ K (2.20)

ujt∗ · P
min
j 6 gjt∗ 6 ujt∗ · P

max
j , ∀j ∈ G (2.21)

git∗ > Pmr
it∗ , ∀i ∈ Gmr (2.22)

git∗ 6 P hav
it∗ , ∀i ∈ Gh (2.23)

git∗ 6 Pwav
it∗ , ∀i ∈ Gw (2.24)

− P rl
j 6 (gjt∗ − gj(t∗−1)) 6 P rl

j , ∀j ∈ G (2.25)

gjt∗ > 0, ujt∗ ∈ {0, 1}, ∀j ∈ G (2.26)

In contrast to UC model, the main difference of the real­time operation model

is that there are no temporal links between decision variables. Therefore, the real­

time operation model for different time periods can be run sequentially, rather than

concurrently as in the case of UC model. Unit output of the previous time period

gj(t∗−1) can be supplied as a parameter for the constraint (2.25).

2.3.3 Data and Assumptions

The required data for the simulation study have been obtained from publicly avail­

able sources. The generating unit fleet of Alberta in 2008 is used as the baseline

for this study. The choice of 2008 was mainly due to the availability of wind and

demand data at the required resolution (i.e. 10 minutes). These time series data
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Figure 2.2: Demand duration curve

sets were obtained from the AESO [47]. The wind power data set is aggregated and

provides the combined output of all the WPPs in Alberta in 2008. That is another

reason to use 2008 data, as the installed wind power capacity in Alberta remained

constant throughout the year. The demand data is also aggregated and provides

the total demand of the system. The aggregated demand is divided among the 6

buses/regions in proportion to the average demand data of each region. The av­

erage load fractions have been calculated using the data from [46]. The duration

curve of the total system demand is depicted in figure 2.2.

The generation capacity available at each bus by generating technology is listed

in table 2.1. In 2008 Alberta had 89 power plants. In this model, some of these

power plants are aggregated and represented as a single unit. That includes the

10 WPPs, which are represented as a single unit connected to "South" bus. The

full list of generating units in the model is available in appendix A. Ranges of the

heat rates at rated capacity and ramp rates of the generating units in the model

are summarized in table 2.2.

A key challenge in this study was obtaining the parameters of the generating

units such as their heat rates (i.e. efficiency), start up fuel consumptions, mini­

mum up­ and down­times, and ramping limits. In power systems with competitive

electricity markets, such information is propriety and kept confidential. Publicly
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Table 2.1: Generating units available at each bus (in MW)

(1) South (2) Calgary (3) Central (4) Edmonton (5) Northeast (6) Northwest Total
Demand fractiona 0.09 0.20 0.16 0.26 0.18 0.11

Coal 756 0 664 4330 0 143 5893
CCGT 0 250 0 0 0 0 250
SCGT 27 0 0 46 0 205 278
Cogeneration 239 240 575 69 2555 233 3911
Hydro 89 320 470 0 0 0 879
Biomass 36 0 11 0 0 169 216
Wind 497 0 0 0 0 0 497

Total 1644 810 1720 4445 2654 651 11924
a Demand at each bus is given as a fraction of the total demand.

Table 2.2: Generating unit heat rates and ramp rates

Generating
technology

Heat rate (HHV,
GJ/MWh)

Ramp rate
(% MCR/min)b

Coal 12­16 1­2
SCGT 12­16 10­15
CCGT 8 5
Cogen 7.5 2­5
Hydro N/A 20
Biomass 12 1
a Ramp rate is given as a percentage of the
maximum continuous rating (MCR) of a unit.

available sources such as [48] that present parameters of generating units of Al­

berta in the pre­deregulation period (before 2000) are used to obtain the required

data. Estimates have been made for parameters that are not publicly available and

the validity of the estimates have been verified by comparing with published data

such as [49,50]. The most notable parameter estimation is the formulation of fuel

cost functions of coal, SCGT, and CCGT units. A fuel cost function of a thermal

generating unit calculates the fuel consumption at a given output. To formulate the

fuel cost function of coal units, first, the average heat rates are obtained from [48].

It was assumed that for a given unit the published value is the average heat rate

when the unit is operating at its rated capacity. The average heat rate at outputs

bellow the rated capacity is estimated using the estimates of heat­rate degradation

of coal power plants available in [51, p.20]. The average heat rate values are used to

estimate the fuel consumption at different outputs. Then a piece­wise liner model

is fitted to form the fuel cost function fj(·) of each coal unit [41, p.49­50]. Similar
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method is used to estimate the fuel cost functions of SCGT and CCGT units and

the required data are obtained from [52].

Approximately 30% of the installed generation capacity in Alberta consists of

cogeneration units that satisfy behind­the­fence industrial demands (see chapter

4 for more details). In the simulation models approximately 50­65% of the co­

generation unit capacities are set to be must run generation and therefore, not

dispatchable. Cogeneration unit outputs determined by the UC model are fixed for

the RO stage. The heat rates of the cogeneration units are assumed to be constant.

Spinning reserves are also allocated in the scheduling stage using the UC model.

The total spinning reserves requirement (Rt) is assumed to be 5% of the forecasted

demand of a given hour. Only SCGT, CCGT, and hydro units were allowed to

provide spinning reserves.

With respect to the transmission system, the current experiment intends to pro­

vide insights of major transmission capacity requirements between regions. There­

fore, transmission lines are assumed to have infinite capacities (Tmax
kr ) and infinite

susceptance values (bkr). Consequently, constraints 2.4 and 2.20 are relaxed for

all simulations.

Impacts of wind power penetration levels of 0­60% (0­6GW of installed capacity)

are studied in this experiment. In 2008, the installed wind capacity in Alberta was

497MW. The 2008 wind power production data set was linearly scaled to generate

time series datasets (10 minute time steps) at higher capacities. Throughout the

study demand data was kept at same levels as 2008 values.

Hydro resource availability data has been obtained from a previous study of the

Alberta electric system by MacCormack et al. [53].

The wind forecasts required for the UC model are generated by fitting a second

order autoregressive (AR2) time series model to historic hourly average wind power
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production data using the methods described in [54,55]. The AR2 time series model

is given by (2.27) and it assumes that the wind power availability in a certain hour,

Pwav
it , depends on the output of the previous two hours. The model parameters

φ1, φ2, and σw are estimated using the Matlab® System Identification Toolbox.

Pwav
it = φ1 · P

wav
it−1 + φ2 · P

wav
it−2 + ǫt (2.27)

where, ǫt = random normal noise with zero mean and standard deviation σw

Following the approach taken in [54], different sets of model parameters are calcu­

lated for each month in a year. The AR2 models and a random number generator

are used to produce wind forecasts with a mean absolute error (MAE) of 15% of

the rated capacity of the WPP. The intention of using a forecast with a consider­

able MAE is to simulate the challenges faced by the system operators in operations

planning stages due to the unpredictability of wind and costs that may incur due

to imperfect knowledge wind. At the operations planning stages, there is uncer­

tainty in system demand as well. However, as the focus of this study is limited to

wind power, perfect foreknowledge of demand at the planning stage is assumed.

Consequently, the hourly average of the actual demand data set is used for the UC

model simulations.

The models calculate the fuel consumption of each generating unit in each

time period. The CO2 emissions are calculated by multiplying the fuel amount by

respective fuel carbon intensity. The prices and CO2 intensities of different fuels

are listed in table 2.3. Non­fuel operating costs of all units are assumed to be

negligible. The cost of unserved demand is set to be 1000 $/MWh. All cost values

are in 2010 Canadian dollars (CA$(2010) 1 = US$(2010) 0.97).



27

Table 2.3: Fuel prices and carbon intensities

Fuel type Price ($/GJ) Carbon inten­
sity (tCO2/GJ)

Coal 1 0.1a

Natural Gas 4 0.05a

Biomass 0 0
Wind, hydro 0 0
a Source: [56].

2.3.4 Model Implementation and Simulation Workflow

The UC model and the RO model are formulated as mixed integer programming (MIP)

problems. The two models are implemented in Matlab®/Tomlab® environment and

solved using CPLEX 12.1® solver. The piecewise linear fuel cost function, fj(·), is

implemented using built­in subroutines in the Tomlab optimization environment.

The simulation workflow for a period of a single day is described bellow:

Step 1 Generating units for each of 24 hours are scheduled by running the UC

model considering the forecasted wind power availability. Generating units

that provide spinning reserves are also selected.

Step 2 RO model is run for each of 144 ten minutes time periods of the day.

Commitment of slow start thermal units (i.e. coal, CCGT, cogeneration, and

biomass) were fixed to the schedules set by the UC model (ie. only the units

that have been scheduled for a certain hour by the UC model are available to

satisfy the demand in 6 ten minutes periods within that hour). Unscheduled

startups are allowed only for SCGT and hydro units. Units that are selected

to provide reserves in step 1 are required to operate at least at their mini­

mum operating level. Output levels of the cogeneration units are fixed to the

amounts determined at step 1.

Step 3 Results are tabulated and parameters required to simulate operations of

the following day (such as running history, output level of the final time step
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etc.) are carried forward for the simulations of the next 24 hours period.

Steps 1­3 are repeated for 365 days at each wind penetration level. A total

of 8 wind penetration levels in the range of 0­60% have been simulated in this

experiment. A single year has 365 UC model runs and 52,560 RO model runs. The

average time required to simulate the operations of a single year at a given wind

penetration level on a Mac OS X 10.6® based computer running at 2.26GHz with

4GB of RAM is approximately 90 minutes.

2.4 Results and Discussions

Simulation results at each wind penetration level are used to evaluate power system

operating costs, CO2 emissions, impacts on other generating units, and transmis­

sion system requirements.

The total electricity demand in the simulated year is 69,800 MWh. Shares of

electricity supplied by each generation technology to satisfy that demand at differ­

ent amounts of installed wind capacity are depicted in figure 2.3. It can be seen

from this figure that as wind penetration level increases, wind power competes with

coal generated electricity and displaces that in a fully competitive market setting,

where generating units compete with their marginal costs. As wind penetration

increases from 0% to 60%, the share of coal reduces from 66% to 41%. One caveat

of these results is that 50­60% of the natural gas fired cogeneration capacity is

constrained to be must­run and therefore, that energy volume is dispatched all the

time. In case of Alberta, this is not unreasonable. As discussed in chapter 4, co­

generation units follow the host facility’s thermal energy demand and offer energy

to the market at zero dollars. Furthermore, it is reasonable to assume that majority

of the behind the fence industrial electricity demand is satisfied by on­site cogen­

eration units. The share of dispatchable natural gas reduces from 1% at the no
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Figure 2.3: Electricity produced by different generation technologies.
The total electricity demand of the simulated year is 69,800MWh. The peak demand of
the year is 9,835MW (winter peak). Approximately 26% of the demand is satisfied by
cogeneration units that operate as must run capacity since they follow the thermal demand
of corresponding host facilities. Dispatchable gas share (SCGT, CCGT, and cogeneration
beyond must run capacity level) increases after 20% wind penetration level in order to
provide flexible capacity to firm wind power.
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Figure 2.4: Average CO2 intensity of the energy mix.
Average CO2 intensity of the energy mix is calculated considering emissions from consumed
both at unit startups and electricity producing stages. Line EI 1 depicts the average
CO2 intensity of the total electrical energy mix. Line EI 2 depicts the CO2 intensity of
electricity from all units except wind. Line EI 3 depicts the CO2 intensity of electricity
from all dispatchable units that are competing with wind (ie. excludes wind and must­run
cogeneration).

wind case to 0.5% at 20% penetration, and increases from there, mainly to provide

sufficient ramping capability. This is examined in detail in section 2.4.2.

2.4.1 Carbon Abatement Cost

Average CO2 intensity of the electrical energy mix as a function of the wind power

penetration level is depicted in figure 2.4. The figure also depicts the CO2 inten­

sity of the electricity from the units that compete with wind power, by estimating

the CO2 intensity of electricity from all dispatchable units (ie. coal, SCGT, CCGT,
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cogeneration beyond must run capacity, hydro, and biomass). The results provide

interesting insights into the generation units displaced by wind power. When wind

power is introduced to the system (0% to 5% penetration), the CO2 intensity of

dispatchable energy mix marginally increases because natural gas fired electricity

at the margin is displaced by wind. From 5% to 40% penetration level, wind power

displaces the coal units that have higher marginal costs due to lower efficiency (or

high heat rate). Therefore, within that range the CO2 intensity of the dispatchable

energy mix decreases. From there, the CO2 intensity rises marginally because ma­

jority of the coal units operates at lower operating points, thus with low efficiencies

(This fact is re­examined in section 2.4.2). The higher number of units startups

(mainly SCGT units) is another a contributing factor.

Figure 2.5 shows the average operating costs incurred in satisfying the elec­

tricity demand with the mix of generating units in the model (both startup and

operating fuel costs are considered). As there is no fuel cost in wind power gen­

eration, the average fuel cost reduces with increasing wind penetration level. Two

other cost scenarios are depicted in figure 2.5. In cost scenario S1, the capital

costs of wind are added to the operating costs. In scenario S2, both the capital

cost of wind and that of new SCGT capacity required to provide sufficient system

flexibility are added to operating costs. The new SCGT capacity requirements are

iteratively determined so that the cumulative load shedding time is less than 1%

of the total time. New SCGT capacity required at each wind penetration level are

listed in table 2.4. Capital costs of wind and SCGT are assumed to be $2500/kW

and $1000/kW respectively (both are in 2010 Canadian dollars). These values are

obtained from the most recent estimates made by the AESO [44]. Capital costs are

amortized over 20 years using a discount rate of 12%.

Results depicted in figure 2.5 are then combined to estimate the carbon abate­
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Figure 2.5: Carbon emissions intensity and average cost of electricity
Three electricity cost scenarios are depicted in this figure. The ‘‘Average fuel cost" curve is
the average of the fuel consumed at unit startup and electricity generation stages. Scenario
S1 is the sum of total fuel costs and capital costs of wind power. Scenario ‘‘S2" is the sum
of total fuel costs, capital costs of wind power, and capital costs of new SCGT capacity.
The CO2 intensity curve is that of the total energy mix. Capital cost of wind and SCGT are
assumed to be $2500/kW and $1000/kW respectively [44]. A Discount rate of 12% over
20 years period is used to amortize the capital costs.

ment cost of wind power. The carbon management option investigated in this

analysis is adding wind power to the existing power system. In order to estimate

the CO2 abatement cost, a baseline has to be chosen. Power generating unit fleet

in Alberta in 2008 is assumed to be the baseline for this analysis. The marginal

abatement cost is defined as the ratio between the total mitigation cost and the

abated emissions. Total mitigation cost at a certain wind penetration level is the

sum of the capital costs incurred in adding wind power and the operating cost

(ie. fuel cost) differential relative to the baseline. Figure 2.6 depicts the relative
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Table 2.4: New SCGT capacity required at different wind penetration levels

Installed wind capacity (MW) 0 500 1000 2000 3000 4000 5000 6000

Wind penetration level (%) 0 5 10 20 30 40 50 60
New SCGT capacity (MW) 0 0 200 500 700 1000 1000 1500

CO2 emissions reductions potentially achieved by adding wind power into the Al­

berta electric system and the corresponding abatement costs (This type of results

are know as carbon abatement supply curves). Marginal abatement costs are cal­

culated under both S1 (operating cost + wind capital cost) and S2 (operating cost

+ wind capital cost + new SCGT capital cost) cost scenarios.

As shown in figure 2.4, the emissions reduction potential is proportional to the

installed wind capacity. For example, 2­16 million tonnes of CO2 can be abated per

year by increasing the wind penetration level to 10­60%. However, the marginal

cost increases at higher abatement levels. This is due to ancillary costs and emis­

sions from the measure to firm wind variability. Even after accounting for the

capital costs of new capacity and variability cost, wind power provides an effective

option to decarbonize the Alberta electric system. For example, at 40% penetra­

tion level, wind power can potentially avoid 11 MtCO2 of emissions per year at an

abatement cost of 109 $/tCO2 (under cost scenario S2). The abated amount is

approximately 5% of Alberta’s total CO2 emissions in 2008 [45]. Furthermore, at

the same penetration level, the CO2 intensity of the electricity mix is reduced by

20%.

The marginal abatement cost of wind power is competitive compared to carbon

capture and storage (CCS). CCS is a mitigation option that is being promoted and

government mandated [57] in Alberta as a climate change mitigation option. The

marginal abatement cost of CCS in Alberta is estimated to be 92­122 $/tCO2
5

for new coal fired facilities to abate 7­16 MtCO2/year [58]. Abatement costs of

5The cost figure given in [58] is converted to 2010 Canadian dollars by adjusting for inflation
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Figure 2.6: CO2 abatement supply curve.
This figure depicts the marginal CO2 abatement cost of wind power in Alberta under the
cost scenarios S1 and S2 (Cost scenario S1= fuel cost + capital cost of wind; scenario S2 =
fuel cost + capital cost of wind + capital cost of new SCGT capacity). The ‘‘baseline" wind
capacity is 500MW (5% penetration level). At higher CO2 abatement levels the marginal
abatement cost rises due to increasing costs and emissions associated with firming wind
power plant outputs.

retrofitting existing power plants with CCS are estimated to be higher at 163­

255 $/tCO2. Therefore, we conclude that wind power has a competitive marginal

abatement cost compared to CCS.

Marginal abatement costs calculated in this section are sensitive to the cap­

ital costs of wind and SCGT facilities. The values used for this analysis (wind:

$2500/kW; SCGT: $1000/kW) are from the AESO estimates and manifest the high

engineering and construction costs in Alberta. Assuming the U.S. Energy Infor­

mation Administration’s estimates for the capital costs (wind: $2100/kW; SCGT:
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$750/kW) would reduce the marginal abatement costs by approximately 20% in

both S1 and S2 cost scenarios.

2.4.2 Cost of Wind Variability

In this section, two aspects of wind power—uncertainty and variability—that can

lead to higher costs and emissions are examined. The uncertainty of wind affects

planning and operations of a power system because the system operators can not

forecast the availability of wind in a certain point of time in the future with 100%

certainty . The MAE in a WPP output forecast made 24 hours ahead can be as

high as 20­40% of the capacity [25]. Therefore, generating unit scheduling and

reserve procuring are made with imperfect information. System impacts due to

differences between the forecasted and actual wind power production are mitigated

through ancillary services and energy market dispatches that may be out of merit.

Similarly, variations of the WPP outputs should be firmed by changing the output

of the dispatchable units. In extreme situations, demand may have to be curtailed,

adding significant operating costs.

In this study, the cost of uncertainty and variability is defined as the difference

between the total operating cost calculated by the UC model and that by the RO

model. The UC model schedules the generating units with a wind forecast and

also assumes constant WPP outputs within an hour. The RO model, which runs

at 10 minutes time steps, captures the actual intra­hour variability of wind. Any

shortages in available generation capacity relative to the committed capacity are

procured by committing a fast start unit (SCGT, hydro). Therefore, the operating

cost differential captures the impacts of both uncertainty and variability of wind. It

is assumed that generating units for a certain day are scheduled at 12:00 hours of

the previous day. This is analogous to day­ahead energy market run by a system

operator. All assumptions are identical to the ones described in section 2.3.3.
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Figure 2.7: Cost of wind uncertainty and variability
Figure 2.7(a) shows the total operating costs estimated at the generating unit scheduling
stage using the UC model (Day­ahead scheduling) and the operating costs incurred in real­
time operation. The curves denoted as ‘‘C1’’ correspond to total operating costs when day­
ahead unit scheduling is done with a wind forecast with a mean absolute error equivalent
to 15% of the installed wind capacity. In contrast, curves denoted as ‘‘C2’’ correspond to
the operating costs when day­ahead unit scheduling is done with perfect foreknowledge of
hourly wind availability in the planning period. Figure 2.7(b) depicts the cost of uncertainty
and variability per MWh of wind energy. The results suggest that in the power system
studied, the cost of wind uncertainty and variability is moderate even at very high wind
penetration levels.



37

In figure 2.7a, the two curves denoted as ‘‘C1’’ depict the annual operating

costs calculated by the UC model (‘‘Day­ahead scheduling (C1)’’) and RO model

(‘‘Real­time operation (C1)’’) under each wind penetration level (these results are

henceforth referred to as ‘‘case C1’’). As explained in section 2.3.3, wind forecast

used for UC model has a MAE of 15% of the total installed wind capacity. It is

evident that there is a considerable difference between the operating costs estimated

at day­ahead scheduling stage and operating costs incurred in real­time operation.

The uncertainty and variability of wind power increases the total operating cost by

0.2­8% at wind penetration levels of 5­60%.

Another simulation experiment is carried out to estimate the cost variability

alone (this experiment is henceforth referred to as the ‘‘case C2’’). To do so, first

a wind forecast with perfect knowledge of ‘‘hourly wind availability’’ is formulated

by moving averaging the 10 minute data set with a hour long window. Then, the

operations of the full year are simulated again as described in section 2.3.4 using

the perfect forecast at Step 1 (UC model runs). Since the operator scheduled the

generating units with perfect foreknowledge of hourly wind energy availability the

operating cost difference between the UC model and RO model can be considered

as the cost of wind variability. The annual operating costs calculated by this

experiment are depicted by the curves denoted as ‘‘C2’’ in figure 2.7a.

Cost of uncertainty and variability per MWh of wind power is depicted in fig­

ure 2.7b6. As shown in the figure, the cost of uncertainty and variability at 5% pen­

etration level is approximately $1/MWh of wind energy and increases to $4/MWh at

60% penetration level. Adding the uncertainty and variability cost would increase

the average cost of wind energy by 1­3.5%.

Comparing the results under the cases C1 and C2 shows that the cost of un­

certainty is more significant compared to the cost of variability. That affirms the

6Cost of uncertainty & variability =
RO operating cost−UC operating cost

Wind energy production
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importance of a reliable wind power forecasting for operations planning of a power

system with significant wind capacity.

Similar to the cost, the increase in CO2 emissions due to uncertainty and vari­

ability is calculated by subtracting emissions estimated at day­ahead scheduling

from the emissions of real­time operation. Figure 2.8 shows the total CO2 emis­

sions in the simulated year (top figure) and the average CO2 emissions increase per

MWh of wind energy (bottom figure). It can be seen that, depending on the wind

penetration level, the ancillary CO2 emissions associated with measures to mitigate

the uncertainty and variability of wind power amounts to 0.04­0.09 tCO2/MWh of

wind energy. These ancillary costs and emissions contribute to the higher marginal

CO2 abatement costs at higher wind penetration levels (Figure 2.6).

The relatively lower cost of uncertainty and variability of wind is a surprising

result. This result suggests that, even with lower ramping ability, coal units that

have relatively lower marginal cost can follow wind variations and provide firming

power (Ramp rates of 17 of the 18 coal units in the models are in the range of 2­3

MW/minute and the remaining unit has a ramp rate of 5 MW/minute). To warrant

this assertion and to gain insights into the firming power providers, a correlation

coefficient analysis has been carried out. First, time series data sets of inter­time

step ramps of net demands7 at a given wind penetration level, and outputs of coal

fired units, natural gas fired units, and hydro units (coal, gas, and hydro units

are appropriately aggregated to form three technology groups) are formulated by

aggregating and differencing (biomass units are excluded because of their very low

ramp rates and smaller capacity). Then, the correlation coefficients between the

inter­time step ramping of net demand and other dispatchable generating units (ie.

coal, natural gas, and hydro) are calculated. Similarly, the correlation coefficients

between the ramp time series data sets of wind and other dispatchable generat­

7net demand= demand ­wind
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Figure 2.8: CO2 emissions stem from mitigating uncertainty and variability of wind
power.
The top figure shows the total CO2 emissions estimated at the day­ahead unit scheduling
stage and the CO2 emissions in real­time operation. Day­ahead unit scheduling is done
with a wind forecast that has a mean absolute error equivalent to 15% of the installed wind
capacity (case ‘‘C1’’). The bottom figure shows the CO2 emissions resulting from mitigating
uncertainty and variability of wind power in tCO2 per MWh of wind energy.

ing units are calculated. These results are depicted in figures 2.9a and 2.9b. A

strong correlation between the ramps of net demand and coal and a strong negative

correlation between wind and coal at all wind penetration levels can be observed

from these figures. This confirms the fact that coal units follow the wind variations

(From here onwards the discussion is limited to correlations between ramps of wind

and other generating units for simplicity). However, at higher penetration levels,

the negative correlation between wind ramps and coal ramps declines. This is due
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Figure 2.9: Correlation between inter­time step ramps of WPPs and other dispatch­
able generating units
Figure 2.9(a) depicts the correlation coefficients between the inter time step (in 10 minute
steps) ramps of net demand (net demand = demand­wind power production) and other
dispatchable generating units (ie. coal, gas, and hydro). Figure 2.9(b) depicts similar
results for ramps of wind alone. A strong negative correction between ramps of wind and
coal suggests that coal units follow the wind power variations.
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to the greater wind ramp magnitudes compared to the aggregated ramping ability

of the available coal units. The negative correlation between wind and gas/hydro

units is weak. However, the negative correlation increases at higher penetration

levels, manifesting gas and hydro units’ firming of wind variations.

As explained above, the coal units in the model provide the firming power at

all penetration levels, lowering the variability cost of wind. However, in order to

firm wind coal units will have to be re­dispatched more frequently. Such cyclical

operations of coal units can lead to higher operating and maintenance costs8. Fig­

ure 2.10 displays the operating level of the 18 coal units as a percentage of MCR at

different wind penetration levels. It is evident form the figure that as the amount of

wind in the system rises, operations of the coal units become increasingly cyclical.

Thermal generating units, particularly coal fired units, are not optimal for cyclical

operations. As discussed in [27, 59–61] such cyclical operations have significant

impacts on generating unit equipments and can lead to failures, higher forced

outage rates, and consequently higher maintenance cost. It is difficult to make a

general estimate of the increase in maintenance costs of coal power plants due to

the diversity in plant designs and has to be done plant by plant basis. Such an

estimate is not undertaken in this study due to the unavailability of data and left

for future work. However, through empirical analysis in [59] Lefton & Besurner

find that older coal power plants such as the ones in Alberta are less susceptible

to damages due to cyclic operations. Hence, the increase in operating and main­

tenance costs of coal units due to cyclical operations might not significantly alter

the results of the study.

8The term ‘‘cyclical operation’’ is refereed to startup/shutdown operation, on­load cycling, and
high frequent MW changes [59]
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Figure 2.10: Coal unit operations
This set of figures shows the ‘‘box­plots’’ of operating levels of 18 coal fired generating units
in the simulated year under different wind penetration levels. The operating level of a given
unit is depicted as a percentage of its MCR. The top and bottom edges of a box denote the
75th and 25th percentile of the operating level. The red coloured horizontal line denotes
the median operating level and the edges of the whiskers corresponds and upper and lower
adjacent values. Outliers are denoted by ‘‘+’’ markers. Unit 6 is a supercritical unit and
has the highest efficiency. The minimum stable operating level is 40% of MCR. All others
are subcritical units and the minimum stable operating level of each of them is 35% of
MCR.
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Figure 2.11: Power flow duration curves
This set of figures show the duration curves of magnitudes of power flows in the seven
transmission lines in the models at different wind penetration levels. The numbers inside
each subfigure denote the two busses connected by the corresponding transmission line.
See figure 2.1 for the configuration of the buses and transmission lines.
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2.4.3 Transmission System Impacts

Another challenge to integrate large amounts of wind power into existing power

systems is the need for new transmission infrastructure (that includes both new

transmission lines and reinforcing the existing transmission lines). The transmis­

sion lines in the simulation models represent the major transmission corridors in

Alberta (See figure 2.1). In this section, the major transmission requirements to

support large­scale wind power in the province are investigated. Figure 2.11 de­

picts the duration curves of the magnitudes of MW flows in the seven transmission

lines at different wind penetration levels. Discussion in this section is limited to

an examination of MW flow changes in the 7 transmission lines relative to the

baseline wind capacity (500MW). Cross checking with corresponding historic MW

flows in lines 2­3, 3­4, and 4­6 verified that the model calculated flow durations

are satisfactorily close to actual values.

Examining the peak MW flow in different lines show that capacity requirement

of line 1­2 (between ‘‘South’’ and ‘‘Calgary’’) and line 1­3 (between ‘‘South’’ and

‘‘Central’’) are comparable and proportional to the installed wind capacity. The ca­

pacity of the line 2­3 remains unchanged up to 60% of wind penetration level. Only

marginal changes (less than 100MW) in peak transmission requirements are ob­

served in all other lines up to wind penetration level of 40% (serving approximately

16% of the total demand).

Transmission cost in adding new wind capacity is not estimated in this study

and left for future work. However, as estimated in previous studies such as [36],

the transmission cost is relatively small and may not significantly alter the results

of the study.
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2.4.4 Caveats and Limitations of the Study

Electric power systems are large and complex engineering systems and a model­

ing exercise such as this work is done by reducing that complexity through set

of assumptions to retain simplicity, mathematical tractability, and clarity of the

discussion. Although, maximum care has taken to minimize the impact of such

assumptions, they inevitably affect the results. Nevertheless, we are confident that

the final results are in the correct order of magnitude compared to results produced

by complete representation of the actual system. Some major caveats and limita­

tions of the model are discussed here and directions to improve them in future

modeling exercises are provided.

One of the most significant challenges for this modeling exercise was finding the

heat rate values of thermal generating units. They are at the centre of the model

and significantly influence the final results. The values used for these models

are from the very few publicly available sources. Future research should strive

to minimize the uncertainty in those values. With respect to wind power studies,

ramp rates of conventional units are another important set of parameters. Very

conservative values that are based on published sources have been used for this

study.

The dispatch models developed for this study represent a fully competitive elec­

tricity market, where electric power generators compete with marginal costs. How­

ever in actual deregulated electricity markets some units do have market power and

the energy bids do not necessarily reflect the marginal costs of the corresponding

units. Studying the competitive behaviour of generating units and its impact on

wind power’s effectiveness for carbon management is an interesting area for future

research. But it is beyond the scope of this work.

In the current model, 100% availability is assumed for all the generating units.
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However, generating units have both planned and unplanned outages. Additional

parameters that are estimated using probabilistic methods can be introduced to

the models to represent generating unit outages.

The models do not include interconnections to neighbouring power systems. In

Alberta, the current capacity of the major interconnection line is limited (600MW)

and the import and export volumes are relatively small. Nevertheless, keeping in­

terconnections at scheduled flow rates is an important reliability obligation and

therefore should be included in future enhancements of the models. Interconnec­

tions can be modeled as price sensitive generators or by using historic flow rates.

Crosschecking with historic generation volumes obtained from [62] shows that

compared to the 2008 data, where the wind capacity was 500MW, the model es­

timated coal fired generation volume is within 5% of the actual value. The total

natural gas fired generation volume is within 11% of actual volume. The error in

hydro generation was very significant at about 20%. However, the erroneous vol­

ume was very small (less than 1%) compared to total generation. In case of natural

gas fired generating units, future developments to the model should improve the

representation of cogeneration units. In this work, they are represented as units

with constant must run capacity obligations. Future implementations can still take

the same approach; but should focus more on determining the amounts of must

run capacities.

Current models do not capture wind variability in seconds to 10 minutes time

frames. If sufficient wind power and demand data is available, impacts in that

time frame such as increased reserve requirements can be best estimated using

probabilistic methods such as the ones presented in [34,63]. Results of such an

analysis can be used to set reserve requirement limits of the models (ie. constraint

(2.6)).
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2.5 Conclusions

Reducing CO2 emissions from the electric power sector is an important climate

change mitigation option. Wind power is a proven technology that can be used as a

near­term option to produce electricity without CO2 emissions. The research work

presented in this chapter evaluated the effectiveness of large­scale wind power for

carbon management of electric power systems. Operations of the electric power

system of the Canadian province of Alberta at high wind penetration levels are

simulated using a model that has sufficient resolution to capture the wind power

dynamics.

It was shown that in Alberta wind power can abate 2­16 million tonnes of

CO2 emissions per year at a marginal abatement cost in the order of 110­120

$/tCO2. At an aggressive 60% penetration level, serving a quarter of the total

electricity demand, wind power can reduce the carbon intensity of the Alberta

electric system by 30% compared to 2008 levels.

In the power system studied in this work, the cost of mitigating the system

operational challenges due to the uncertainty and variability of wind power is a

modest 1­4 $/MWh of wind power at wind power penetration level of 5­60%, serving

2­25% of the total demand. Furthermore, the CO2 emissions associated with the

measures to overcome those challenges amounts to 0.05­0.09 tCO2/MWh of wind

energy.

A general conclusion that can be drawn from this work is that a significant

amount of wind power can be added to a relatively inflexible power system without

drastic increase in cost of wind variability. The vast majority of the dispatchable

units in Alberta are coal fired units. But the results suggest that the cost of

variability and uncertainty of wind, even while serving a quarter of the demand, is

moderate.
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The analysis and results presented in this chapter are intended to inform cli­

mate change mitigation policy makers. The climate change mitigation option we

investigated and proven to be effective is producing electricity without carbon emis­

sions by integrating a large amount of wind power into an existing power system in

the near term where majority of the system is remained in place. Policy makers can

use the carbon abatement supply curves developed in this work to compare this

option with other competing and supplementing carbon management options. The

emissions reduction levels and marginal abatement costs presented in this work

are estimated relative to a baseline generating unit mix. Future changes of the gen­

erating unit mix can alter the results. The results of this work can be improved by

modeling periods of multiple years where significant changes occur in the system

such as generating unit retirements and new unit additions.

Finally, it can be concluded that large scale wind power, even with accounting

for capital costs and variability cost, is an effective option for carbon management

of the electric power system of Alberta.
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Chapter 3

Risk Averse Short­term Operations Optimization of Wind

Power and Compressed Air Energy Storage Systems

3.1 Introduction

The rapid growth of wind power over last decade or so has led to an increasing share

of wind power in the mix of installed power generation capacity in a number of ju­

risdictions. Some notable examples include Denmark, Portugal, Spain, Germany,

Texas, Colorado, Iowa, and Minnesota [64–66]. Favourable public policy options

such as production credits, fixed feed­in tariffs, and portfolio standards adopted

by many jurisdictions have facilitated the growth of wind power [17,19,67–69]. As

the wind power industry matures, relying on subsidies may not be sustainable and

wind power producers would prefer to maximize their profits by participating in

electricity markets. Furthermore, as wind starts to supply a significant share of

power generation, wind power plants (WPP) may be required to comply with similar

market rules as applied to other generators [70, 71]. However, conventional elec­

tricity markets, such as the day­ahead market (DAM) are designed for dispatchable

generation. This chapter reviews the challenges for wind power producers partici­

pating in a DAM and explores a strategic solution to mitigate those challenges.

3.1.1 Day­ahead Market

A DAM for electricity is operated by many competitive power markets to ensure

system reliability through a market based approach. All DAMs are run as auctions

by a market operator and have three main steps [72]: i) bids (price­quantity pairs
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for given time intervals that typically are 1 hour long) to sell and to buy electricity for

a set period of time are submitted; ii) some bids are accepted through the auction

model, subject to the physical constraints of the power system; the market clearing

price is determined (market clearing price, in general, is the intersection between

the aggregated supply and demand function); iii) accepted bids are settled at the

market clearence price. The cleared bids are financially binding and deviation from

the cleared bids (henceforth called as ‘‘imbalances’’) have to be settled according

to the market rules. Some notable DAMs can be found in PJM Interconnection1,

California, New York, Scandinavia (Nord Pool), Spain, Ontario, and Australia [70,

71, 73]. A significant fraction, if not all, of installed power generation units in a

particular power system are required to bid in to DAM by market rules to provide

enhanced planning flexibility to the transmission system operator (TSO). WPPs in

many jurisdictions currently have the option to participate or not to participate

in DAM [70, 71]. Due to the natural characteristics of wind power, WPPs face

challenges in participating in a DAM.

While the exact market rules depend on how a particular DAM is organized,

in general the market participants are required to submit the bids to buy or sell

electricity for a 24 hour period well in advance of actual delivery hour. For example,

in PJM and Nord Pool, bids for 24 hour period must be submitted up to 12:00 of the

previous day, while in Spain, the market closure is at 10:00. The output of a WPP is

variable combined with considerable uncertainty in the availability of wind power.

Therefore, to participate in a DAM, a WPP has to forecast the wind power generation

to determine the bids. Wind power forecasting has advanced considerably and

very sophisticated computational tools are employed by wind power producers and

TSOs (see [74] for a review of wind forecasting methods). Depending on the market

1A regional transmission organization that operates a transmission system, serving a number of
eastern states in the Unites States



51

rules, wind forecasting has to be carried out as early as 38 hours ahead of the

actual delivery time and at that time frame, making perfect forecasts of wind power

availability is not possible [25,74,75]. The error in a forecast made that far ahead

can be as high as 20­30% of the total capacity of the WPP [25,74]. Since bids that

were cleared in the DAM auction are financially binding, a participating WPP is at

the risk of incurring imbalance penalties. Settlement of energy imbalances depends

on the respective power market. In some cases, the imbalances are settled at the

market price while in other cases, imbalance penalties mat be charged [71,76–78].

Another challenge for WPP is the lower economic value of wind power compared

to other conventional generators. In an electricity market, different generators are

dispatched in a least cost approach and settlement is done at the market clearing

price. In a perfectly competitive situation, the market clearing price in a certain

point of time, in general, is equal to the variable cost of the marginal generator [72].

Therefore, the market price and the demand are correlated. Wind power availability

may be weakly or negatively correlated with the demand, and consequently with

the system price, reducing the economic value of wind power. Market conditions

that may lead to lower economic value of wind power has been studied recently

in [79,80].

A number of solutions has been proposed to mitigate the aforementioned chal­

lenges. Flexible market rules have been studied in [81–83] and the use of various

forecasting strategies and their optimal integration into bidding decision making

are studied in [84, 85]. Coordinated bidding strategy with a hydro generator is

proposed in [85]. A comparison of financial hedging strategies and physical hedg­

ing strategies to lower the risks associated with trading wind energy is presented

in [86]. A strategic bidding method that minimizes the expected imbalance cost is

proposed in [87] and a technique to formulate optimal offerings to a market with
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different trading floors is proposed in [88].

Another solution is the integration of wind generation with large scale electric

energy storage (EES) systems such as pumped hydro storage (PHS), advanced bat­

tery banks, and compressed air energy storage (CAES) systems [89–91]. Reviews of

EES technologies are presented in [91–93]. EES systems may be used to manage

energy imbalances and to time shift wind energy into high demand periods. The

value of EES systems such as CAES for power system applications, including their

feasibility to mitigate wind integration challenges, has been studied in recent litera­

ture. Energy arbitrage value of EES is studied in [94–97] and their ancillary service

value is studied in [95]. The broader economics and competitiveness of CAES sys­

tems for wind power firming are studied in [23,35,90,98,99]. The economics of

co­locating wind and CAES to increase transmission line utilization and decrease

transmission cost is studied in [100]. Use of EES to increase the economic value

of wind power is studied in [79]. A optimal operations strategy for a CAES system

is presented in [101]. A stochastic operations optimization model for a PHS system

and wind generator that are operating either in standalone or jointly is presented

in [76]. This chapter focuses on the use of CAES to mitigate the challenges pose

by the intermittency of wind.

3.1.2 Compressed Air Energy Storage Systems

CAES, as depicted in figure 3.1, is a variation of combustion turbine based elec­

tricity generation, where compression and expansion are shifted in time. Air is

electrically compressed and stored, usually underground in solution mined salt

cavities, in mined hard rock cavities, or in aquifers. During the expansion phase

the fuel, usually natural gas, is combusted in pressurized air withdrawn from the

storage. The natural gas requirement is significantly lower ( 60%) compared to a

conventional combustion turbine as no fuel is consumed for air compression. A
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Figure 3.1: CAES system configuration
Figure source: [102]

detailed review of CAES technology is presented in [92,102]. Two CAES systems

are presently in commercial operation, one in Huntorf, Germany, which has been

in operation since 1978 and another in McIntosh, Alabama, USA [102]. In contrast

to the other pure EES systems, CAES systems have a significant marginal cost dur­

ing the discharge phase due to the natural gas consumption. Feasibility of CAES

is constrained by the availability of suitable geology to store air although suitable

sites are speculated to be available in much of North America and Europe [102].

New CAES facilities are proposed to be built in Ohio, Texas, and Iowa [91]. Some

new developments in CAES technology are presented in [103].

3.1.3 Contributions of the Chapter

The objective of the research project presented in this chapter is to develop a model

to support optimal bidding process of a WPP that is in joint operation with a CAES

system and hedges against wind power variability. The model specifically addresses

the uncertainty in the wind resource availability and the market price of electricity

with integrated market risk control. The physical constraints of the wind farm

and the CAES system such as the generation and storage capacity limits, ramp
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rate constraints, and transmission limitations are also taken into account. While

the main intended application of the model is to support short­term operations

optimization, the model can also be used to support wind power and CAES invest­

ment decisions making. Furthermore, feasibility of energy storage options other

than CAES can also be explored with minimal modifications to the model. With

respect to the related studies in market integration of wind power and EES, the

main contributions of this work are as follows:

• While majority of the studies have assessed the value of EES by taking a long­

term generation planning approach, there is a gap in published literature in

studies on short­term operations optimization of hybrid wind and EES power

generation systems. This chapter contributes to the knowledge in the latter.

• This model differs from the deterministic operations optimization approaches

taken in [101] and the CAES valuation framework presented in [99] because

a stochastic optimization approach is taken, incorporating the uncertainty in

market conditions and wind resource availability.

• The main difference between the approach taken in the model presented in

this chapter and [76] is the integrated risk management technique. This

contribution is significant because the power generation assets are operated

by risk averse, profit seeking agents.

• This work also differs from [76] because the EES system studied in this chap­

ter has a significant marginal cost during the discharge phase, which signifi­

cantly affects the economics of EES operations.
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3.2 Operations Optimization Under Uncertainty: Problem Descrip­

tion and Solution Approach

In this section the operations optimization problem of the wind power and EES

system and the proposed solution approach are described. To retain the simplicity

of the model and for the clarity of discussion, a hypothetical power market that is

organized as a DAM with a single round of bidding is considered in the preceding

sections of this chapter. The system under study is a WPP and CAES system jointly

participating in the aforementioned DAM (Figure 3.2a). In order to get insights into

the value of adding a CAES system to a WPP, a standalone WPP is also modelled

(Figure 3.2b). In both cases the respective power generation system is assumed to

be a "price taker" so that the market price can be taken as an exogenous parameter

(in other words output of the WPP and the CAES system does not affect the market

price). It is also assumed that hourly bids for the 24 hour period of the following

day are submitted at 12:00. In reality, many power markets have multiple trading

floors and bidding rounds in addition to a DAM [70,73]. The proposed model can

be modified to add further sophistication to fit to conditions of an actual market.

Electric power generators strive to maximize their revenues by setting optimal

production schedules and submitting appropriate bids to power markets. Tech­

niques to formulate strategic bidding are an active area of research in power sys­

tems and have been well studied (for example see [104–109]). Among other factors

such as production cost, network access constraints, generation unit technical

constraints, and behaviour of other competitive suppliers, a primary factor that

would influence the bid formulation is the market price. Market price will be re­

vealed only after market closure, where the accepted and rejected bids are selected.

Therefore, any generator participating in a DAM faces the uncertainty in system

price. In contrast to a conventional dispatchable generator, wind power producers
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(a) Wind+CAES joint operation (b) Standalone wind

Figure 3.2: Systems under study
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Figure 3.3: Operations decisions time line

are subjected to uncertainty in both the system price and wind resource avail­

ability, which is significant at the time where DAM bids have to be submitted.

Therefore, optimal bidding techniques developed for conventional generators can

not be directly applied to wind generators optimal bidding problem. The strategic

bidding techniques proposed for WPPs, such as the ones in [87,110], can be used

to increase the profits by minimizing imbalance charges. However, their ability to

increase the WPP’s profits are limited to financial hedging and wind power curtail­

ment. Use of CAES (or any other EES) provides the WPP operator both physical and

financial flexibility. The operations decision making of a WPP and a CAES system

jointly participate (henceforth referred to as ‘‘wind+CAES system’’) in a DAM can

be modelled as a two stage process as described below.
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Stage 1: First stage decision is a set of hourly bids to the DAM that would maximize

profits. These bids are to sell either wind/CAES generated energy or to pur­

chase energy to store in the CAES system. The operator formulates the bids

by forecasting the wind availability and market price in the period of interest.

At this stage, there is considerable uncertainty in wind power availability and

market price (Figure 3.3). This type of decision making is known as here and

now decisions [111].

Stage 2: Second stage decisions are made after complete or better knowledge (re­

duced uncertainty) of wind availability and system price is obtained. For

example, a significantly accurate wind power forecast can be made about an

hour ahead of the actual delivery hour [74]. At this stage, a cleared bid can

not be altered. But depending on the observed realization of random events,

CAES system operations can be rescheduled, providing recourse against stage

1 decision (ie. bids). As the decisions are made after the required information

is obtained, these type of decisions are called wait and see decisions [111].

The salient feature of this decision making process is that profit maximization

has to be done using information with significant uncertainty. Therefore, a suitable

optimal decision modelling method is taking a ‘‘stochastic programming’’ approach.

3.2.1 Stochastic Programming Solution

Stochastic programming (SP) is a branch of optimization where some or all pa­

rameters in the objective function or/and constraints are random variables [112].

Knowledge of the distribution of those random variables is needed to solve SP prob­

lems [111]. Different SP models and solution methods for SP problems can be found

in [111–113]. Examples of SP applications in electric power systems can be found

in [76,88,114–116].
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Figure 3.4: Two stage decision making process

The decision making problem encountered in wind+CAES system operations

optimization can be modelled as a type of SP model known as recourse­based

model, where decisions are made in two stages and random events are revealed

in between [111]. This type of model was first introduced in [117]. Development

of a recourse­based SP model for wind+CAES system operations optimization is

described below.

• The objective of the wind+CAES system operator is to maximize the profit

of the wind+CAES system by selling wind/CAES generated electricity in the

DAM. The expenses incurred are payments to electricity purchased from the

market, CAES fuel cost, and any imbalance charges. Similar to [76], the

imbalance charges are assumed to be proportional to the absolute value of

the energy imbalance and settled at market price of the respective hour.

• Uncertainty in wind power and market price is represented by a set of discrete

wind scenarios and price scenarios. For example, a given wind scenario

represents the wind power availability in the following day. As the wind+CAES
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system is assumed to be a price taker, wind scenarios and price scenarios are

mutually exclusive and are combined to form a single scenario tree (Figure

3.4). A probability of occurrence is assigned to each scenario. These scenarios

are assumed to be generated using wind and price forecasting tools.

• The objective of the model is to maximize the expected profit under each

scenario.

• Outputs of the model are a single set of hourly bids to the DAM (first stage

decision) and a set of WPP and CAES operating rules that provide recourse

against first stage decision at the onset of realization of random events (second

stage decision; Figure 3.4).

• The system operations are constrained by wind and CAES installed capacity

limitations, capacity of the CAES storage cavern, ramping limitations, and

transmission limits. The transmission constrain may be due to a physical

limit or due to a financial transmission contract. A ramp rate limit may be

enforced by the TSO.

• Non fuel variable operating costs are assumed to be negligible.

• The model calculates the energy quantity of energy offered to the DAM in each

hour. As the system is a price­taker, it is assumed the operator sets the price

to zero or to an appropriate amount ensuring the offered quantity get accepted

in the energy auction. Bid price setting suitable to a price­taker strategy such

as the one proposed in [104] can easily be adopted for this purpose.

Mathematical formulation of the model is described in section 3.3.
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3.2.2 Risk Management

Risk management is an essential part of power trading as electricity generation

companies are profit seeking entities [118,119]. Because of the inherent uncer­

tainty in wind power availability, the wind+CAES system is at a significant risk

of having to settle imbalances. Therefore, it is important to integrate risk man­

agement measures into wind+CAES system operations optimization model. Risk

management can be achieved by concurrently optimizing a risk measure along with

maximizing the expected profit [119]. Standard risk measures that are used for

risk management include the standard deviation, mean absolute deviation (MAD),

value­at­risk (VaR), and conditional­value­at­risk (CVaR) [119,120]. VaR is a com­

monly used risk measure, mainly in the finance and insurance industry. With

respect to a profit function, Bs and a confidence level β, by definition VaR is the

lowest amount α such that, with probability β, the profit will exceed α (called as

β − V aR; see figure 3.5). CVaR (or β − V aR) is the conditional expectation of the

profit below that amount α [120]. In contrast to many other risk measures, CVaR is

proven to be a coherent risk measure with superior mathematical properties such

as convexity, monotonicity, and positive homogeneity [120–122]. It is also suitable

for recourse­based SP models [111,113,120]. Theoretical proofs and mathematical
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developments of CVaR for optimization application are presented in two seminal

papers by Rockafellar & Uryasev [120,123]. CVaR applications for power trading

and scheduling can be found in [88,114,115,118,124–126]. Maximizing the CVaR

of the profit distribution generated by different wind and price scenarios is used as

the risk management method of the proposed model.

3.3 Model Formulation

Under a certain scenario, s ∈ S, the wind+CAES system generates revenues by

selling wind energy, gwst and stored energy in CAES system, gcst, at market price

rate, πst in each time step t ∈ T. Variable costs incurred are the fuel cost of the

CAES generated electricity (= cf · gcst; where, cf is the marginal fuel cost of the

CAES system) and payments for electricity purchased from the market, dst. Hourly

bid, bjt is an offer either to sell or to purchase energy in each time step, t ∈ T.

Imbalance charges are proportional to the product of the market price of the hour

and the absolute value of the energy imbalance with a penalty factor λ. The risk

neutral objective function for maximizing the profit of wind+CAES system is given

by equation (3.1).

maximize
∑

s∈S

ρs · B
j
s (3.1)

where, Bj
s =

∑

t∈T

[πst · (g
w
st + gcst − dst) · τ − cf · gcst · τ − λ · πst · |(g

w
st + gcst − dst) · τ − bjt |]

where, ρs = probability of the scenario s

τ = optimization time step (=1h)

In the next step, CVaR maximization is added to (3.1). As proved in [120], β −

CV aR and β − V aR of a profit function Bj
s, with a discrete probability distribution
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ρs, can be characterized in terms of the function F̃β(s, α
j) on S × R (Eqn. (3.2)).

Maximizing CVaR is equivalent to maximizing F̃β(s, α
j) over all (Bj

s , α
j) ∈ S × R.

F̃β(s, α
j) = αj −

1

(1− β)

∑

s∈S

ρs · [α
j − Bj

s ]
+ (3.2)

where, [αj −Bj
s ]

+ = max(0, αj − Bj
s)

The objective function (3.1) is modified to incorporate risk management as (3.3).

The two weighting factors ω1 and ω2 are positive numbers of which the values are

set according to the risk preference of the wind+CAES system operator. When

ω1 = 1 and ω2 = 0, the objective function reduces to the risk neutral case of (3.1).

For risk averse operation: ω2 > 0.

maximize ω1(
∑

s∈S

ρs · B
j
s) + ω2 · F̃β(s, α

j) (3.3)

Objective function (3.3) is maximized with subject to constraints (3.4)­(3.14).

The CAES storage cavern energy balance equations (3.4) and the energy balance

constraint (3.5) ensure that sufficient energy is available in the storage cavern. The

upper limit of the cavern, Emax is set by the size of the cavern and the lower limit,

Emin is set by the minimum cavern pressure at which air may be discharged. Wind

energy sold gwsh in each scenario is constrained by the wind energy generation in

the respective scenario Wsh (3.6). Limitations of the generation and compression

capacities of the CAES system are handled by (3.7) and (3.8). They also ensure

that CAES system is not generating and storing electricity simultaneously using

the binary operating mode variables msh and nsh (3.9). Transmission and ramping

limits are represented by (3.11) and (3.12) respectively. Energy bids to the DAM, bjt

are constrained by the installed wind capacity and compressor and generator ca­
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pacities of the CAES system (3.13). The optimization problem can be implemented

as a mixed integer linear program (MILP).

rst = rst−1 + dst · τ − ηc · g
c
st · τ, ∀s ∈ S, ∀t ∈ T (3.4)

Emin 6 rst 6 Emax, ∀s ∈ S, ∀t ∈ T (3.5)

0 6 gwst 6 Wst, ∀s ∈ S, ∀t ∈ T (3.6)

mst · Pmin ≤ gcst ≤ mst · Pmax, ∀s ∈ S, ∀t ∈ T (3.7)

nst ·Dmin ≤ dst ≤ nst ·Dmax, ∀s ∈ S, ∀t ∈ T (3.8)

0 6 mst + nst ≤ 1, ∀s ∈ S, ∀t ∈ T (3.9)

mst, nst ∈ {0, 1} (3.10)

0 6 |gwst + gcst − dst| 6 Ptx, ∀s ∈ S, ∀t ∈ T (3.11)

0 6 |(gwst + gcst − dst)− (gwst−1 + gcst−1 − dst−1)| 6 Pramp, ∀s ∈ S, ∀t ∈ T (3.12)

−Dmax · τ ≤ bjt ≤ (Pmax + Pwmax) · τ, ∀s ∈ S, ∀t ∈ T (3.13)

rsNt
≥ E0 (3.14)

Optimal CAES storage cavern operation planning spans over the entire planning

horizon. Hence, there is a temporal link between each time period in the planning

horizon Nt (Nt is the number of intervals in the time set T). Therefore, wind+CAES

system operations optimization must be concurrently carried out for all Nt time

periods. Furthermore, constraint (3.14) was added to the model to ensure the final

capacity of the storage cavern, rsNt
is equal or greater than the initial capacity, E0.

This avoids the potential exaggeration of the value of CAES compared to the stan­

dalone wind case. Risk­averse operations optimization model for the standalone

wind power system operation is formulated in Appendix B (Eqns. (B.1)­(B.5)).



64

Table 3.1: Model Parameters Used for the Numerical Example

Parameter Value

Installed capacity of WPP, Pwmax 100 MW

CAES maximum generation/compression limit,
Pmax, Cmax 50 MW

CAES minimum generation/compression limit of
the CAES system, Pmin, Cmin 5 MW

CAES storage cavern maximum capacity, Emax 2400 MWh

CAES storage cavern minimum capacity, Emin 240 MWh

CAES fuel cost, Cf 16.8 $/MWha

CAES electricity input/output ratio, ηc 75%

Trasmission limit, Ptx 150 MW

Ramp rate limit, Pramp 3 MW/minute

Penalty factor for energy imbalances, λ 1

Confidence level for risk management, β 95%

a Fuel cost of the CAES system is calculated assuming an operating heat rate of 4.2 GJ/MWh

(HHV basis) [102] and a natural gas price of $4/GJ.

3.4 Case Study

In this section, a numerical experiment performed with the model is described. The

input parameters used for this experiment are listed in Table 3.1.

3.4.1 Wind and Price Scenario Generation

Wind and price scenarios for the case study are generated using historical data

obtained from the Alberta Electric System. Time series data of hourly wind power

generation and market prices in January of 2008 are obtained from the AESO [127].

In order to generate price scenarios, normally distributed zero mean random noise

is added to hourly pool prices of an arbitrarly selected week day. The standard

deviation of the random noise is assumed to be the mean absolute error of a price

forecast made for a winter weekday (Hourly forecasted and actual pool prices are
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published by the AESO [128]). Noise values are generated using a random number

generator and a set of 32 price scenarios is produced.

In order to generate wind scenarios, a second order autoregressive (AR2) time

series model is fitted to hourly wind power production data of a WPP in Alberta

using the methods described in [54, 55]. The fitted AR2 model is given by (3.15)

and it assumes that the WPP output of a certain hour, Wt, depends on the output of

the previous two hours. The model parameters φ1, φ2, and σw are estimated using

the Matlab® System Identification Toolbox. This AR2 model along with a random

number generator, is used to produce 32 wind scenarios. These scenarios are

linearly scaled to match the output of a 100MW WPP.

Wt = φ1Wt−1 + φ2Wt−2 + ǫt (3.15)

where, ǫt = random normal noise with zero mean and standard deviation σw

Price and wind scenarios generated using the methods explained above are

depicted in Fig. 3.6. The two sets are combined to form a set of 1024 scenarios

(32× 32) and these scenarios are assumed to be equally probable.

3.4.2 Results and Discussion

The optimization problem characterized by equations (3.3)­(3.14) (wind+CAES) and

(B.1)­(B.5) (standalone wind) are implemented in Matlab®/Tomlab® environment

and solved using CPLEX 12.1® solver. The imbalance penalty factor λ and the

value of weighting factor ω1 are set to unity for all preceding results (ie. λ = 1 &

ω1 = 1). All costs and prices are expressed Canadian dollars (CAD). The objective

of the case study is to develop insights of the value of adding CAES to the WPP, to

investigate how the operator’s risk preference affects the revenues, and to assess

the value of taking the SP approach for wind+CAES system operations optimization.
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Figure 3.6: System price and wind power scenarios used for the case study
These have been generated using historical data from Alberta Electric System.

Expected profit, average imbalance charges, 95%­VaR, and 95%­CVaR of the

standalone wind and wind+CAES system operations as calculated by SP models are

listed in table 3.2. The models are executed multiple times using the same scenario

set depicted in figure 3.6 to produce results for risk neutral operations and risk

averse operations. For the risk averse operation, the value of ω2 is assumed to be

0.5 (in other words optimizing expected profit is two times as important compared

to maximizing CVaR). Distribution of the profit functions in each case are depicted

in figures 3.7a and 3.7b. As can be seen from table 3.2 (and figure 3.7), in risk

neutral operations the expected profit of the wind+CAES system is 31% higher than

that of the standalone wind system. The average imbalance charges incurred for

the wind+CAES system has significantly dropped to 51% of that of standalone wind

system.
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Table 3.2: Expected profits, imbalance charges, and risk measures
(Values of weighting factors for risk neutral operations: ω1 = 1 & ω2 = 0; risk averse

operations: ω1 = 1 & ω2 = 0.5)

Standalone
wind operation
(CAD)

Wind + CAES
operation
(CAD)

Expected profit:

risk neutral 43,714 57,383

risk averse 42,976 56,930

Expected imbalance charge:

risk neutral 5,522 2,711

risk averse 3,848 1,733

95%­VaR:

risk neutral 27,000 39,076

risk averse 32,751 45,091

95%­CVaR:

risk neutral 25,688 37,976

risk averse 31,312 42,677
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Figure 3.7: Profit distributions of: (a) standalone wind power plant operation;
(b) Wind + CAES joint operation
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Figure 3.8: Energy bids to the day­ahead electricity markets

Energy bids for the DAM of the two configurations (stage 1 decision) are depicted

in figure 3.8. Comparison of the scenario set (Figure 3.6) and the bids (Figure 3.8)

show that for the wind+CAES system strategically arbitrage energy to maximize

profits. As described in section 3.3, the models generate WPP and CAES system

recourse operating rules (stage 2 decision) that can be followed as the delivery hour

approaches and better knowledge of wind and price are obtained. For example,

Figure 3.9 depicts the CAES operation if the actual wind generation and the market

price are revelled to be those of the scenario #48. This figure further illustrates the

wind+CAES system operator’s strategic decision to store wind energy rather than

selling during the periods with low market prices and vice versa.

3.4.2.1 Risk Averse Operation

In the case of risk­averse operation the power plant operator gives up some of the

expected profit to increase the 95%­CVaR and consequently 95%­VaR. At a same
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Figure 3.9: Operation of the CAES system under the scenario #48.
The first subfigure from the top shows the wind power available and market price. The
second subfigure shows the CAES system operation under this scenario. In this figure,
positive values represent energy sales to the grid (discharge mode) and negative values
represent energy storing (storage mode). The third and fourth subfigures depict the wind
energy stored in CAES and grid energy stored in CAES system (electricity purchased from
the market) respectively.
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Figure 3.10: Efficient frontiers of the two power plant configurations

level of risk preference (ω2 = 0.5), in both configurations significant improvements

in 95%­CVaR and 95%­VaR are obtained at loss of a marginal amount of profit.

The observed profit loss compared to the risk neutral operation of the wind+CAES

system is 0.8% and that of the standalone wind system is 1.8%. Consequently the

former has better performance. The other important feature is the magnitude of

95%­VaR compared to the expected profit. In the risk averse operation, 95%­VaR

of the wind+CAES system is 80% of the expected profit and that of standalone wind

system is 76%. Therefore, the chances of achieving lower profits have been lowered

by adding the CAES system to the WPP.

The trade offs between profit maximizing and operator’s risk preference are

further investigated using efficient frontiers (expected profit vs 95%­CVaR curve).

Efficient frontiers are generated by running the models multiple times with different

ω2 values while keeping ω1 at unity. As can be seen from figure 3.10 the expected
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Table 3.3: Expected value of perfect information (EVPI) for the wind+CAES system
(EVPI is expressed as a percentage of the expected profit of the full stochastic solution at

respective risk aversion level)

Perfect knowledge of

wind & price wind only price only

Risk neutral (ω2 = 0) 13% 7.2% 3.2%

Risk averse (ω2 = 0.5) 14% 7.6% 2.4%

profit of the standalone wind case drops more sharply as the system operator

becomes more risk averse. Therefore, adding the CAES system provides more

operational flexibility in terms of risk management. Another observation is that

attempting to increase CVaR beyond a certain point provides diminishing results

and significant profit losses. Hence, the profit­CVaR trade off must be appropriately

made, based on an efficient frontier, to avoid unnecessary profit losses.

3.4.2.2 Expected Value of Perfect Information

In this section, the expected value of perfect information (EVPI) of the wind+CAES

system is investigated. With respect to this case study, EVPI measures the maxi­

mum amount the power plant operator would be ready to pay in return for complete

(and accurate) information about future wind power availability, market price, or

both. In a recourse­based SP problem, the EVPI is the difference between the ex­

pected value of ‘‘wait and see’’ solutions (EWS) and the stochastic solution [112]. In

order to calculate EWS first the profit produced by each of 1024 scenarios (perfect

knowledge of both price and wind) is calculated by running separate deterministic

optimization problems and then taking the mean of those profit values. EVPI of

perfect knowledge of wind, price, and both are listed in table 3.3. These values

are expressed as a percentage of expected profit calculated by the SP model in

respective cases. Some observations merit further analysis. As expected, a risk
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averse operator is willing to pay more for perfect knowledge of future events. The

value of knowledge of wind availability is more important than knowledge of mar­

ket price. This is because the marginal cost of wind energy is zero and arbitraging

wind energy is more profitable than electricity purchased from the grid. Therefore,

foreknowledge of wind power availability can be used for better arbitrage planning.

Furthermore, since wind energy is not controllable (the only option being curtail­

ment), the impact of wind power uncertainty on energy imbalances is higher. The

other interesting observation is the value of perfect knowledge of price for the risk

averse operator is marginally lower than that for the risk neutral operator. The

reason for that is the fact that the strategy taken by the risk averse operator is to

bid more conservatively irrespective of the market price, and that may reduce the

value of foreknowledge of price. Two general conclusions can be drawn from these

results. Significant EVPI values (close to 10% of expected profit) mean that the

uncertainty of available information plays an important role in the decision making

process. This affirms the value of taking a stochastic decision modelling approach.

A second conclusion is the fact that even with access to a physical hedging tool,

with respect to DAM participation, it is still important to have an accurate wind

forecast. The ability to participate in intra­day balancing market may change that

conclusion, and needs further investigation.

3.4.2.3 Sensitivity of CAES Parameters

A sensitivity analysis was carried out to study the influence of CAES parameters.

CAES generation/compression capacity, storage cavern size, CAES efficiency and

natural gas price were independently varied from the values listed in table 3.1.

The number of scenarios used is reduced to 400 (20 wind/ 20 price) to lower the

simulation time. Efficient frontiers corresponding to each parameter value are

depicted in figures 3.11a­3.11d. As can be seen from them, wind+CAES system
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Figure 3.11: Influence of CAES parameters on Wind+CAES system economics
Parameters varied are as follows: (a) storage cavern size (in storage hours at installed
capacity); (b) generation/expansion capacity; (c) CAES electricity input/output ratio; (d)
natural gas price. All CAES parameters, except the one varied, are kept at set to the same
values listed in table 3.1.

economics are most sensitive to CAES generation/expansion capacity and natural

gas price. The least sensitive parameter is the CAES storage cavern size (expressed

in storage hours at 100MW generation/expansion capacity). As can be seen from

figure 3.11b, the expected profit gain is marginal beyond storage time of 24 hours

and there is no gain after 48 hours (curves for cavern sizes beyond that are not

shown). This result is an artifact of the planning period used and the constraint

requiring the final capacity of cavern to be equal to or greater than the initial

capacity. Since a planning period of 24 hours is used, the optimization model does

not see any value in storing energy beyond that period.
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3.5 Conclusions

The variability and uncertainty of the output may put a WPP participating in con­

ventional electricity markets at risk of making lower profits due to a low correlation

between wind power production and market price and having to settle energy im­

balances. Integrating a CAES system with a WPP is an effective solution to mitigate

these challenges. This chapter proposed a two stage stochastic programming model

that can be used to assist optimal operations decision making and managing fi­

nancial risks of a WPP and a CAES system jointly participate in a DAM. A case

study with realistic wind power and market price conditions is also presented to

demonstrate the feasibility of the model to assist operational decision making. The

stochastic optimization approach is found to be appropriate for the decision mod­

elling situation studied in this chapter.

The CAES system provides the WPP more operational flexibility and a means to

increase the economic value of wind power. An interesting and necessary future

study is to assess whether the increase in profits of the joint operation is sufficient

to make the additional investment for the CAES system. The model presented,

along with appropriate wind power and price scenarios can be used to do such a

detailed investment assessment under the uncertainty of future electricity market

prices, wind resources, and fuel price. That type of analysis can be used to op­

timally size installed wind capacities, CAES system capacities, and transmission

capacities.

Some directions for further investigations and future enhancements of the

model are stated below.

• Current implementation determines only the quantity of energy bids. Price

determination capability can be easily implemented, for example by using the

method proposed in [104].
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• Further analysis should be made to determine optimal planning horizon and

to provide insights of the required model constraint adjustments.

• A more comprehensive implementation of the model should include the oper­

ations planning capability to participate in intra­day balancing markets and

ancillary service markets.
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Chapter 4

Evaluating the Role of Cogeneration for Carbon

Management in Alberta

4.1 Introduction

The various carbon emissions management policies being discussed or adopted

around the world create a unique set of experiments in policy, engineering and

economic pricing. All else being equal, an economically efficient policy should

create a single economy wide marginal carbon price signal either in direct form,

such as a carbon tax, or in an implied form such as a cap and trade system.

In either case the objective is to influence energy sector investment and decision­

making so as to cost­effectively restrain emissions. Of course, restraining emissions

is but one objective of government policy; and, there may be sensible reasons to

deviate from economy­wide approaches. If, for example, there is reason to believe

that imposing a relatively high carbon price will spur technical innovation in a

particular sector lowering the future cost of emissions abatement so substantially

as to make up for the short­term loss of economic efficiency.

Theory aside, in most cases policy makers have opted to use complex facility or

product­based policy tools that reflect political pressure against enacting efficient

economy­wide carbon policies. Enforcement of such policies require emissions

accounting methods that are data and management intensive. Furthermore, choice

of facility­ or product­based carbon accounting methods is inherently arbitrary in

the sense that there are no simple general rules for producing emissions estimates

which (a) produce stable results and (b) are self­consistent in the sense that the
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total emissions from a set of facilities are independent of the way the rules are

applied. This arbitrariness can be an impediment to academic assessment of life

cycle emissions, but when such emissions calculations are used as part of policy

then one can expect rational profit­seeking firms to exploit the arbitrariness to

reduce their burden under the emissions control policy.

In this chapter we examine emissions rules for oil sands producers in the Cana­

dian province of Alberta, as an example of a case where uncertainty in emissions

accounting and the burden of administrative complexities has interacted to frus­

trate efficient carbon policy. These concerns are particularly relevant for a facility

with multi­product outputs, such as a cogeneration facility that produces both

electricity and steam for bitumen production.

Oil sands operations in Alberta are playing an increasingly important role in

North American oil supplies and Canada’s oil export market. Production of bitu­

men, the primary hydrocarbon extracted from oil sands, reached approximately

1.3 million barrels per day in Alberta in 2008, satisfying approximately 1.6% of

world demand of oil [129,130]. Bitumen recovery and processing requires a sig­

nificant amount of thermal energy and electricity [130]. Natural gas is the main

fuel currently used to satisfy the thermal energy demand of oil sands operations.

In 2003, the volume of natural gas purchased from Alberta’s gas market for the

purposes of bitumen recovery and upgrading amounted to 5.2 billion cubic metres,

roughly 5% of Canadian demand and 14% of demand in Alberta [130]. The high

energy intensity of oil sands operations combined with the fact that the primary

energy sources used to generate heat and electricity are predominantly fossil fuels,

results in relatively high greenhouse gas (GHG) emissions from this sector. It has

been reported that the oil sands sector contributed approximately 5% of Canada’s

emissions resulting in 37.2 million tCO2 equivalent (CO2 eq.) in 2008. This is a
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39% growth from the oil sand sector’s GHG emissions in 2000 [45].

Cogeneration, the combined generation of electric power and thermal energy,

provides an option for oil sands operations to meet both steam and electric energy

demands onsite. Though various configurations are possible, oil sands operations

typically use a gas turbine to generate power coupled with a heat recovery steam

generator (HRSG) that captures waste heat from the gas turbine exhaust to produce

steam or hot water [131]. Despite higher onsite fuel use, cogeneration has a high

operating efficiency, on the order of 70­80%, compared to standalone steam and

electricity production. The primary requirement to justify the incorporation of a

cogeneration system is the presence of a steady thermal energy demand. Due to

the substantial heat requirements in oil sands operations, electricity production of

a cogeneration system incorporated into an oil sands operation typically exceeds

the onsite demand, which may result in electricity exports to the Alberta grid.

Alberta’s electricity sector, where the generation is dominated by coal and natural

gas, produced 52 million tCO2 in 2008 making it the most carbon intensive power

system in Canada [45]. In 2008 the combined GHG emissions of Alberta’s oil sands

sector and the electricity sector amounted to 37% of the province’s 244 million

tCO2 eq. emissions. The growing oil sands sector has the potential to increase its

cogeneration capacity, potentially displacing higher carbon intensive electricity in

the electricity sector of Alberta.

In this chapter we examine the use of cogeneration for oil sands operations

in the context of carbon emissions management. Our main objectives are to: (1)

assess the role of cogeneration for carbon emissions reduction in Alberta; (2) in­

vestigate the effect of present GHG emissions reduction regulation in Alberta on

the economics of cogeneration; (3) evaluate the efficiency of current and alterna­

tive emissions control policies; and, (4) examine the way in which uncertainties of
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facility or product­based carbon accounting complicates efficient carbon policy.

4.2 Background

4.2.1 Oil sands operations

The proven oil sands reserves in Alberta are estimated at 170 billion barrels of

crude bitumen. In 2006, Alberta’s oil sands were the source of about 62% of the

province’s total crude oil (and equivalent) production and about 47% of all crude

oil (and equivalent) produced in Canada. Forecasts of bitumen production growth

leads to a production level as high as 3 million barrels per day by 2020 and up to

5 million barrels per day by 2030 [130,132]

Table 4.1: Electricity and natural gas demand for bitumen extraction and upgrad­
ing.

Process
Natural Gas

(GJ/bbl
bitumen)

Electricity
(kWh/bbl
bitumen)

Extraction:
Mining 0.3­0.4 14­16
In­situ 1­1.6 1­15

Upgrading 0.15­0.45 14­55

Source:
[131,133]

Oil sands operations consist of extracting bitumen and in some cases upgrading

that into synthetic crude oil. Both phases need a substantial amount of energy, the

amount of which depends on extraction technology, among other things. Currently,

the principal extraction technologies in use can be categorized as surface mining

and in situ extraction techniques [132]. The former removes the oil sands by

mining and extracts the bitumen through a series of processes utilizing thermal

energy and water. The latter involves drilling wells and injecting steam to reduce

the viscosity of bitumen so it can be pumped to the surface. The two main thermal
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in­situ techniques that are in commercial use are ‘‘cyclic steam stimulation (CSS)"

and ‘‘steam assisted gravity drainage (SAGD)". Short to medium term bitumen

production growth is forecasted to occur mainly using mining and SAGD extraction

technologies [130]. The energy demands for bitumen extraction and upgrading are

listed in Table 1.

A reliable supply of electricity and thermal energy is critical for both bitumen

extraction technologies. Currently, all mining and upgrading projects that are in

commercial operation have incorporated cogeneration while only 6 out of 25 com­

mercially operating in­situ extraction projects (including both SAGD and CSS) have

installed cogeneration systems. However, those 6 projects represent approximately

65% of the total in situ bitumen extraction [134]. The installed cogeneration ca­

pacity in mining and upgrading operations amounted to 1446MW in 2010 that

generated 9076GWh of electricity of which 77% was consumed onsite. Thermal in

situ production had 908MW of installed capacity and generated 6615GWh in 2010,

of which 51% was consumed onsite [130].

According to a recent survey, the factors that are critical in an oil sands oper­

ators’ decision to invest in cogeneration include capital costs, the price of natural

gas and electricity, security and reliability of electricity supply, environmental per­

formance of the operation, present and future GHG control regulations, and cost

and availability of transmission [135]. The same survey reports a tendency to delay

the cogeneration investment and also size capacity sufficiently to satisfy only the

host facilities electricity demand in light of uncertainty associated with the factors

listed above.

4.2.2 Alberta electric power system

At the end of 2010, Alberta’s electric power system had 13,071 MW of installed

generation capacity, which produced 70,586 GWh of electricity. Coal­fired elec­
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tricity, currently supplying primarily baseload generation, represented 44% of the

installed capacity and 58% of total generation in 2010. Natural gas fired electric­

ity (from simple cycle, combined cycle and cogeneration technologies) represented

40% of installed capacity and 34% of total generation in 2010 [130]. Approximately

75% of the installed natural gas fired generation capacity is cogeneration. The ma­

jority of the remaining installed generation capacity consists of renewable genera­

tion technologies, including wind, hydro and biomass. The ‘‘deregulated" Alberta

power system has opened up the generation and retail electricity sales for competi­

tion while the transmission system remains regulated. The competitive generation

market environment allows cogeneration system operators to sell excess electricity

in the Alberta’s wholesale electricity market. The transmission links that connect

the oil sands regions to the rest of the Alberta grid currently have a maximum

import/export capacity of 600MW. The Alberta Electric Power Systems Operator

(AESO), however, is planning to expand the transmission capacity serving the oil

sands region within next 5­6 years [46].

Since electricity generation in Alberta is dominated by fossil fuels, particularly

coal, the average grid electricity has a very high carbon intensity ( approximately

0.84 tCO2/MWh) compared to the other Canadian provinces. Electricity generation

in the province produced 52 million tonnes of CO2e in 2008 which is approximately

21% of Alberta emissions1, the largest contribution from a single economic sector

in the province [45]. The magnitude of emissions, cost of emissions control, and

the efficiency of regulation with central and limited ownership make the electric

power sector a prime target of GHG emissions reduction targets in Alberta.

The coal generation fraction of the generation base is changing, in part due to

natural attrition from planned retirements. Approximately 1100 MW of coal fired

generation capacity is expected to retire between 2010 and 2020 [136]. Retirement

1This is approximately 7% of total Canadian emissions
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of these units, along with 2­3% forecasted demand growth implies a need for new

generation capacity. Thirty­three billion tonnes of discovered coal reserves remain

in Alberta, implying that coal could provide a significant source of electricity for

many years to come [130]. However, a stringent carbon control regulation may

render conventional coal fired generation uneconomic.

4.2.3 Current carbon management policies in Alberta

The province has set goals to reduce the provincial CO2 emissions relative to a

growing baseline by 50 million tonnes by 2020 and by 200 million tonnes by 2050.

The 2050 reduction target represents a 50% reduction below the business as usual

level and 14% below 2005 level [137].

In 2007 the Alberta provincial legislature enacted the ‘‘Specified Gas Emitters

Regulation (SGER)" to regulate GHG emissions. This regulation uses an intensity­

and product­based approach. SGER requires facilities in Alberta that have direct

annual GHG emissions larger than 100,000 tonnes CO2e to reduce their emissions

intensity by 12% of facility’s ‘‘baseline emissions intensity (BEI)" [138]. Under

SGER, the emissions intensity is defined as the GHG emissions per unit economic

output of the facility2. Facilities that are regulated by SGER can comply by mak­

ing improvements to their operations; by purchasing Alberta based ‘‘offset credits";

by using or purchasing ‘‘emissions performance credits (EPC)"; by contributing to

the ‘‘Climate Change and Emissions Management Fund (CCEMF)" at the rate of

C$15/tCO2e. Facilities that have reduced their emissions intensity by more than

the mandatory 12% reduction target are said to have generated EPCs and these

credits can be banked for future use or be sold to other facilities. The CCEMF is to

be used for projects and new technologies aimed at reducing GHG emissions that

2 For example, for a crude oil production facility, GHG emissions intensity is the total GHG emissions

per one barrel (or 1 m3) of oil produced
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originate in Alberta. It should be noted that the SGER implicitly caps the price of

carbon in the province at C$15/tCO2e by allowing compliance through contribu­

tions to CCEMF at that rate. The SGER has special provisions for facilities with

cogeneration; such facilities are only required to reduce emissions associated with

thermal energy production and the emissions attributed to electricity are exempted

from SGER compliance target. To calculate this, first the BEI for the facility is

set based on the thermal load average over the baseline time period, and then

reference baseline emissions are derived by assuming heat was supplied by a hy­

pothetical 80% efficient boiler3. The ‘‘net emissions intensity (NEI)" of the facility, in

a year where the facility has to comply with SGER, is calculated considering only

the emissions associated with thermal energy by subtracting an amount called

‘‘deemed emissions attributed to electricity" from the total emissions associated

with onsite energy production. Deemed emissions attributed to electricity is calcu­

lated by multiplying the amount of onsite cogenerated electricity by the emissions

intensity of a natural gas fired CCGT unit, which the SGER guidelines considers to

be 0.418 tCO2e /MWh [138,139]4.

4.3 Model Description

In order to assess the potential for CO2 emissions reductions of cogeneration and

the effects of different GHG emissions management policies on the economics of

cogeneration, we develop a model based on mass and energy balances of two op­

tions that satisfy the steam and electricity demands of a SAGD bitumen extraction

3The SGER guidelines do not specify whether this is based on a lower or higher heating value

(HHV). In our analysis we assumed the baseline boiler efficiency to be 80% in HHV.
4 Facilities with cogeneration are classified as ‘‘stand­alone facilities" and ‘‘integrated facilities" and

different guidelines are set under SGER to calculate the emissions intensities. A facility is considered

as a stand­alone facility if the cogeneration system is the only thermal energy source of the facility

and a facility with other thermal energy sources in addition to the cogeneration system is considered

as an integrated facility. See [139] for full details.
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Figure 4.1: (a) Baseline option and (b) cogeneration option

operation with a production capacity of 30,000 bbl/day. SAGD extraction is used

for this illustrative example for two reasons. First, the steam demand of in­situ

extraction methods such as SAGD is higher than mining extraction while the elec­

tricity demand is lower. Due to the need for a continuous steam supply and the

moderate electricity demand, in­situ extraction plants have a higher potential to

use cogeneration and export electricity to the grid. Second, about 80% of the es­

tablished crude bitumen reserves are considered to be buried too deep to mine,

thus we assume that in­situ techniques will be used to extract a larger fraction of

the reserves. Of all commercially proven in­situ extraction techniques, presently

SAGD has the highest growth rate [130].

In the first option, electricity demand is satisfied through grid electricity im­

ports, and steam demand is satisfied through an onsite natural gas fired boiler
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Table 4.2: Parameters used for the energy and CO2 emissions calculations.

Parameter Value

Bitumen production capacity 30,000 bbl/day
Steam demand of bitumen extraction 1.3 GJ/bbl
Electricity demand of bitumen extraction 12 kWh/bbl
Electricity production capacity (cogeneration system) 85 MWe
Maximum steam production capacity:

Baseline option boiler 1600 GJ/h
Supplementary boiler 500 GJ/h
HRSG (cogeneration system) 1200 GJ/h

Energy conversion efficiencies (HHV basis)a:
Boiler / Supplementary boiler, ηB 85%
Gas turbine electricity generation, ηT 30%
HRSG heat recovery, ηR 50%
HRSG supplemental firing, ηG 95%

Fuel carbon intensities (HHV basis):
Natural gas, Icng 0.05 tCO2/GJ
Coal, Iccoal 0.1 tCO2/GJ

a A sensitivity analysis was done to investigate the effect of the variations of
conversion efficiencies. Through this analysis we found that our conclusions
remain unchanged within the reported range of conversion efficiencies.

with an 85% higher heating value efficiency (henceforth referred to as baseline

option; see Figure 4.1a). In the second option a cogeneration system is used to

produce both electricity and steam (henceforth referred to as cogeneration option;

see Figure 4.1b). It is assumed that the cogeneration system produces excess elec­

tricity, which will be sold to the grid and onsite steam demand is satisfied through a

combination of the cogeneration system and a supplementary boiler. The cogener­

ation system consists of a gas turbine and a heat recovery steam generator (HRSG).

The HRSG has supplemental firing (also known as duct firing); it can directly fire

fuel in addition to recovering heat from gas turbine exhaust to produce steam [140].

The fuel used in both the baseline option and the cogeneration option is natural

gas. The parameters assumed for the model are listed in Table 4.2. Parameters



87

specific to the boilers and the cogeneration system were obtained from the speci­

fications and the test results published by the manufacturers [140]. Capacities of

boilers and cogeneration system were selected to be representative of the typical

sizes and conditions that are in use in oil sands operations [141]. In order to per­

form this analysis, we assume that sufficient transmission access is available to

export cogenerated electricity to the Alberta electric system. The transmission sys­

tem expansion plan of the AESO supports this assumption [46]. We also assume

that the cogeneration system produces electricity and steam at rated capacity. The

supplementary boiler is used to meet the steam demand not satisfied by the cogen­

eration system. The bitumen extraction plant is assumed to be in operation 90% of

the time of a given year. The fuel demands of the baseline option (figure 4.1a and

the cogeneration option (figure 4.1b) are calculated using equations (4.1) ­ (4.5)).
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FB =
H −Hfw

ηB
(4.1)

FT =
3.6Ec

ηT
(4.2)

FG =
H1 −Hfw1 − (1− ηT ) · FT · ηR

ηG
(4.3)

Fcogen = FT + FG (4.4)

FSB =
H −H1 −Hfw2

ηB
(4.5)

Where, FB = fuel input to the baseline boiler (GJ/h);

FT = fuel input to the gas turbine (GJ/h);

FG = fuel input to the HRSG (GJ/h);

FSB = fuel input to the supplementary boiler (GJ/h);

EC = electricity produced by the cogeneration system (MWh/h);

H = enthalpy of the steam produced by baseline boiler (GJ/h);

H1 = steam produced by cogeneration system (GJ/h);

H2 = steam produced by auxiliary boiler (GJ/h);

Hfw = baseline boiler feed water enthalpy (GJ/h);

Hfw1, Hfw2 = HRSG/supplementary boiler feed water enthalpy (GJ/h);

ηB = baseline/supplementary boiler efficiency;

ηT = electricity generation efficiency of the gas turbine;

ηG = HRSG supplemental firing efficiency;

ηR = HRSG heat recovery efficiency.

In this analysis, we only consider the CO2 emissions from direct fuel combus­

tion for steam and electricity production. Upstream life cycle emissions and the

other GHG emissions are excluded from the analysis. The CO2 emissions from

steam production in the baseline option are calculated by multiplying FB by the

CO2 intensity of natural gas (Icng), assuming complete fuel combustion. The same

method is used to calculate the CO2 emissions associated with the supplemen­

tary boiler of the cogeneration option. Estimating total CO2 emissions of the co­

generation system is straightforward. However, determining the CO2 emissions
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associated with electricity alone is not a straightforward calculation as the cogen­

eration system produces two energy products with a single stream of input fuel. In

the realm of life cycle assessment (LCA) studies, this accounting complexity that

arise in case of processes with multiple inputs and/or outputs is known as the

‘‘allocation problem" [142, 143]. The theoretical details and guidelines to address

the allocation problem, including structured approaches to choose a method to

allocate process inputs among outputs, are well studied and published, for ex­

ample [142,144–151]. However, the fact that there are many methods to address

the allocation problem has led to continued debate among LCA practitioners on the

choice of allocation method [146,152]. We adhere to the common finding that there

is no one best method and consequently, explore the implications of four allocation

methods for the cogeneration case, henceforth referred to as M1, M2, M3 and M4.

This approach is know as ‘‘allocation by physical causal or other relationship" to

solve the allocation problem [142, 143]. The fuel chargeable to electricity (FCE;

in GJ/MWh representing the amount of fuel allocated to electricity) under each

allocation method is calculated using equations (4.6) ­ (4.9).

Method M1 (Eqn. (4.6)) is based on the additional fuel consumed in the co­

generation case to produce electricity compared to the baseline option. Under

this method, fuel that would have been consumed by the boiler in the baseline

option—the most likely method to produce steam if a cogeneration system was not

employed—to produce an amount of steam equivalent to the HRSG output (ie. H1) is

allocated to steam. The difference between the total fuel consumed by the cogener­

ation system and the fuel allocated to steam is assigned to cogenerated electricity.

This method is also known as ‘‘displacement allocation" in LCA literature [143,144].

Under the M2 method fuel is allocated in proportion to the amount of energy

contained in the two useful products (steam and electricity) of the cogeneration
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system (Eqn. (4.7)). This ‘‘energy allocation" method is simple and straightforward,

but focuses only on the quantity of energy, ignoring the fact that electrical energy

is higher in quality than steam.

The M3 method takes both the quantity and the quality of the two energy prod­

ucts by allocating fuel in proportion to exergy in each product (Eqn. (4.8)). Exergy

of the steam produced is calculated by multiplying the steam enthalpy by the ex­

ergetic temperature factor, τ [150]. Since exergy of steam depends on the steam

temperature (T) and the reference environment temperature (T0), FCEM3 is linked

to the operating conditions.

The M4 method allocates fuel in proportion to the economic value of the prod­

ucts (Eqn. (4.9)). In this analysis, the economic value of electricity (pe) is set to

be equal to the average price of electricity, which is assumed to be $50/MWh. The

economic value of steam (ph) is assumed to be the average cost of 1GJ of steam

produced by the baseline boiler at natural gas price of $5/GJ (in this case ph =

$4.30/GJ). The CO2 emissions intensity of cogenerated electricity (Icogen) under a

given allocation method is calculated by multiplying FCE by Icng (Eqn. (4.10)).

FCEM1 =
Fcogen − (H1−Hfw1)/ηB

Ec

(4.6)

FCEM2 =

(

Ec

Ec +H1

)

· Fcogen ·
1

Ec

(4.7)

FCEM3 =

(

Ec

Ec + τ ·H1

)

· Fcogen ·
1

Ec

(4.8)

where, τ = 1− T0/T

FCEM4 =

(

pe · Ec

pe · Ec + ph ·H1

)

· Fcogen ·
1

Ec

(4.9)

Icogen = FCEMx · Icng; where x = 1, 2, 3, 4 (4.10)

Woffset = (Ioffset − Icogen) · Ec · u · 8760 (4.11)
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The CO2 emissions offset is calculated using equation (4.11). Here we assume

that cogenerated electricity displaces more carbon intensive electricity in the Al­

berta electric power system. The offset amount is determined by Icogen, and the

CO2 emissions intensity of displaced electricity, Ioffset. In a ‘‘deregulated" electric­

ity market such as in Alberta, determining which electricity generators are being

displaced by cogeneration units with a high degree of certainty is not possible, as

generation dispatch information is kept confidential. Thus we provide reasonable

estimates that can be made using publicly available data. We investigate the im­

plications of four electricity displacement scenarios referred to as S1, S2, S3, and

S4.

Scenario S1 assumes Ioffset to be the average CO2 emissions intensity of the

Alberta electric system. Average CO2 intensity of the Alberta electric system for the

period 2000­2008 was calculated using the data published by the AESO [153] and

the calculation details are presented in Appendix D.

Scenario S2 assumes that cogenerated electricity, when dispatched, displaces

the units operating at the margin of the generator dispatch stack. In a competitive

electricity market environment, the system operator dispatches different genera­

tors to meet the demand following a cost minimization that takes in bids from

participating units. The bid price of the last unit dispatched becomes the system

price of that particular hour, thus called the price setting unit. We assume that

for every MWh of cogenerated electricity, another MWh is backed off from the unit

operating at the margin. The CO2 emissions intensity of the operating margin for

the period from 2000 to 2008 is calculated using the price setting data published

by the AESO [153] 5.

5 In its ‘‘2008 Annual Report" the AESO reports the percentage of the time a certain fuel or generation

technology (coal, natural gas, hydro etc.) set the system price and we assume that the particular fuel

or technology operated in the margin for the same amount of time. However, the data are aggregated
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The third scenario, S3, assumes that cogenerated electricity displaces coal fired

base load units. As the cogeneration units follow the thermal load of the host fa­

cility, they may very well operate as base load generators, bidding appropriately

during peak load and off­peak load hours. Hence it is plausible that they may

displace coal fired units. Scenario S4, following the SGER, assumes that cogen­

erated electricity displaces natural gas fired combined cycle gas turbine (CCGT)

generators.

In order to determine the cost of CO2 mitigation from cogeneration and also

to investigate how the cogeneration system economics are affected by CO2 man­

agement policies, an engineering economic analysis is developed. We include only

the capital and operating costs to procure energy for bitumen extraction assuming

that project development (drilling, land lease etc.) and non energy related operat­

ing costs are identical for both baseline option and cogeneration option. The main

cost parameters assumed for the analysis are listed in Table 4.3. A pre tax 12%

discounting rate was used for the engineering economic analysis. This discounting

rate over a project life of 20 years corresponds to an annual capital charge factor

of 13.3%.

4.4 Results & Discussion

Using the mass and energy balance model we compute the fuel consumption and

CO2 emissions of the two options to satisfy the energy demands of the bitumen

extraction project. Results of the engineering economic analysis and an examina­

tion of historic electricity and natural gas prices in Alberta were used to assess the

economic competitiveness of the cogeneration option.

and do not specify which unit is setting the price due to the proprietary nature of such information.

This leads to uncertainties in the calculated emissions intensity as we used a single representative

heat rate value for a given generation technology (see Appendix D for more details)



93

Baseline option Cogeneration option
0

0.2

0.4

0.6

0.8

1

1.2

T
ot

al
 s

oc
ie

ty
 C

O
2 e

m
is

si
on

s,
 (

M
tC

O
2/y

ea
r)

 

 
SAGD project on−site emissions
Electricty sector emissions

Produce steam

Produce
electricity

Produce
steam +

electricity

Avoided emissions
(31% of the

baseline
option emissions)

SAGD on−site
electricty demand

Alberta reference
electricity demand

Figure 4.2: Total CO2 emissions within Alberta, under the two energy options
The total CO2 emissions in Alberta, to deliver 124,400 TJ (H) of steam and 650 GWh
(Ec) of electricity annually under the two energy options, are presented in this
figure. The two columns depict the CO2 emissions associated with an identical
amount of steam and electricity. Therefore CO2 emissions from generating an
equivalent amount of electricity as in the case of cogeneration option (including
both electricity consumed onsite and exported to the grid) in the Alberta electricity
system (which has an average CO2 intensity of 0.84 tCO2/MWh) are added to the
baseline option. No electricity sector emissions are added to the cogeneration option
assuming that cogenerated electricity displaces equivalent amount of high carbon
intensive electricity in the Alberta grid. As indicated in the figure, the total Alberta
emissions of the cogeneration option are 31% lower than that of the baseline option.
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Table 4.3: Cost parameters used for engineering economic analysis (all costs are
in 2008 Canadian dollars).

Cost parameter Value

Capital cost
Boiler 400 $/(GJh/h)
Cogeneration 1400 $/kWe

Fixed O&M cost
Boiler 4 $/(GJh/h)
Cogeneration 14 $/kWe­year

Variable O & M cost
Boiler 2 $/GJh

Cogeneration 2 $/MWhe

Natural gas price 2­10 $/GJ
Electricity price 0­100 $/MWh

The onsite CO2 emissions of the cogeneration option are 42% higher than the

baseline option due to the additional fuel consumed to produce electricity. How­

ever, as shown in Figure 4.2, when the CO2 emissions from producing electricity

in the Alberta electric system (an equivalent amount to the electricity generated in

the cogeneration option at an assumed average CO2 intensity of 0.84 tCO2/MWh),

are added to the baseline option to estimate the total emissions, the net CO2 emis­

sions of the cogeneration option are 31% lower. However, there is considerable

uncertainty in determining which electricity generating units are being displaced

by cogenerated electricity. Depending on the emissions intensity of the units as­

sumed to be displaced, the total Provincial emissions of the cogeneration option

are estimated to be from 6% to 38% lower than that of the baseline option. This is

explored further in section 4.4.2.

4.4.1 CO2 Emissions

The CO2 emissions intensities of cogenerated electricity under different allocation

methods are compared to those of other fossil fuel based electricity, Alberta’s grid

average, and marginal electricity production in Figure 4.3. These results show
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Figure 4.3: CO2 emissions intensities of electricity
This figure depicts the CO2 emissions intensities of the Alberta electric system
(average and marginal intensities), coal fired generation, natural gas fired combined
cycle generation, and cogeneration under different allocation methods (M1­M4).
The grid average intensity calculation considers the energy traded in the Alberta
electricity market and excludes the onsite generation that serves behind­the­fence
loads (but include the electricity exported to the Alberta grid by behind­the­fence
generators such as cogeneration units).
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that the carbon intensity of cogenerated electricity calculated using any of the

four allocation methods considered is less than the fossil fuel based electricity

generation technologies and the two Alberta grid emission intensities (with the

exception of the cogenerated electricity under the M4 method compared to the

intensity of CCGT).

The choice of allocation method is an important regulatory decision in control­

ling emissions from multi­product output facilities through facility based or product

based regulations. As mentioned in section 4.3, there are many alternative meth­

ods to allocate emissions among multiple outputs derived from a common stream

of energy and resources and most of those methods can be rationalized with sound

technical or logical arguments. The allocation method should be chosen consider­

ing the context in which allocation is carried out [151]. In case of emissions control,

the regulatory choice of the allocation method should reflect the way the output

products are valued in rational and profit seeking corporate investment decision

making. Therefore, an argument can be made that the allocation method based on

the economic value (M4) should be used where an allocation method is needed for

emissions control regulations. The calculation procedure under M4 method should

consider both the capital cost and operating cost allocations as well as the expected

revenue form the products. This procedure is information intensive and depends on

exogenous parameters. For example in our cogeneration example system, the FCE

under M4 method varies with natural gas and electricity prices. The M1 method

depend on the operating efficiencies of the cogeneration system and also represent

the marginal fuel cost of cogenerated electricity. Hence it can be considered as a

close approximate to economic and technical decision making. Of the four alloca­

tion methods investigated, only the M2 method is deemed inferior due to its flaws

discussed in section 4.36. In the remainder of the analysis, where we have to use

6This is not a general conclusion. There can be allocation situations where ‘‘energy allocation" is
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a single allocation method to retain simplicity, we use the M1 allocation method to

calculate FCE.

Figure 4.4 depicts a forecast of the CO2 emissions from electricity generation

in Alberta under two scenarios and the corresponding emissions intensities. We

focus on the time period up to 2020, which coincides with the Provincial target of

50 MCO2 eq. of emissions reductions. This forecast considers the present genera­

tion fleet, planned generation unit additions and retirements, and the new installed

capacity expected to meet the forecasted electricity demand to the year 20207. The

generation scenario GS1 assumes new additions that are yet unplanned will be coal

fired generators. Scenario GS2 considers an alternative case where these new ad­

ditions will be cogeneration systems, employed in the oil sands sector. We assume

that carbon capture and storage will not be implemented within the time period

of this forecast. Both scenarios are plausible given the corporate announcements

made by utility companies to build new coal fired power plants and the forecasted

growth of oil sands sector combined with the potential to use cogeneration systems

to satisfy their energy demands (see Appendix E for details of the forecast). The

scenario GS1 is assumed as the business as usual (BAU) scenario due to the exist­

ing large reserves of coal in Alberta, the potential to develop brownfield coal fired

generation to replace retiring units as well as the ability to expand the generation

capacity of existing coal fired generators. The transmission system expansions

announced by the AESO can facilitate either of these generation scenarios [46].

As shown in Figure 4.4, a 11­17% reduction of Alberta electricity sector CO2

emissions below the BAU scenario could be achieved by integrating more cogen­

eration. However, the use of GS1 as the BAU scenario is subject to challenge. A

suitable. However, in the case of cogeneration, this method is not suitable because the significantly

different qualities of the two energy products are not taken in to account
7Planned additions are the units that are under active construction and the ones that have received

regulatory approval.
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Figure 4.4: Forecast of CO2 emissions from the Alberta electric system to 2020
A forecast of CO2 emissions from the Alberta electric system to 2020 is presented
in this figure. The generation scenario GS1 is a high coal option and GS2 is a
high cogeneration option (details of the two generation scenarios are summarized in
section 4.4 and full details are presented in the Appendix E). The range of emissions
under each scenario is due to the different allocation methods used to calculate the
emissions intensity of cogenerated electricity. Therefore the range widens with the
increasing amount of cogenerated electricity in the mix. If the allocation method
M1 (incremental fuel based) is used to divide the fuel between steam and electricity
produced by a cogeneration system, the outlook of the total CO2 emissions (and the
average CO2 intensity) attributable to the electricity generation in Alberta under the
scenario GS1 and GS2 are depicted by the lines GS1(M1) and GS2(M1) respectively.
Depending on the allocation method, the electricity sector emissions outlook under
the scenario GS2 (high cogeneration) is 11­17% lower than that of GS1 (high coal
or BAU).
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Figure 4.5: Forecast #2 of CO2 emissions from the Alberta electric system to 2020
Generation scenario GS3 is a high CCGT BAU scenario, assuming that retiring coal
units will be replaced by CCGT units.
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strict carbon emissions control regulation enacted by the province or the Canadian

federal government could constrain the growth of both the oil sands sector and coal

fired electricity generation. However, there is significant uncertainty in the timing

and stringency of such regulation. We test a third scenario (GS3) by assuming

that the new generation additions to replace the retiring units and to serve the

forecasted demand growth will be natural gas fired CCGT units (see Appendix E

for details). The high cogeneration scenario, GS2, is only 2­5% lower than the high

CCGT scenario, GS3, demonstrating that the choice of BAU significantly impacts

the estimates of the emissions reduction potential of cogeneration. It also sug­

gests that a similar level of emissions reductions are possible through increased

deployment of natural gas fired CCGT generators.

There is significant risk in picking a technology winner as opposed to setting a

target standard that can be met using a mix or blend of technologies, each keyed to

the sub­region or resource base being accessed. Therefore, we estimate the cost of

mitigating CO2 in the Alberta electricity sector using alternative electricity gener­

ation technologies compared to a supercritical pulverized coal (SCPC) power plant

as shown in Table 4. SCPC was used as the new coal fired electricity generation

technology, as it is assumed to be the dominant technology of new coal fired units

that will be built before 2020. This is consistent with the new SCPC units that

are being built and are planned in Alberta [136]. However, the baseline chosen

for comparison will greatly affect these results and therefore, care should be taken

in selecting and interpreting the baseline for this type of analysis. The estimated

carbon mitigation cost of cogeneration compared to SCPC is ­14 $/tCO2 (a negative

abatement cost means that under the assumed conditions, both the average cost

and the carbon intensity of cogenerated electricity are lower than SCPC), the low­

est among the generation technologies considered. This carbon abatement cost is
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Table 4.4: Cost of abated carbon emissions
Estimates of carbon mitigation costs of alternative electricity generation technologies com­
pared to a super­critical pulverized coal power plant (‘‘Baseline" unit). In each case the
transmission costs are equally distributed across the grid and assumed to be built in pro­
portionately to the power supplied. The Province has undertaken a series of transmission
upgrade projects sufficient to provide adequate future capacity to meet projected loads in­
cluding oil sands expansion. Funding for right of way and capital costs will be apportioned
initially outside the rate base and charged back to reflect load served in operations.

SCPC CCGT Cogen
Wind
power

Fuel Coal NG NG Wind
Capital cost ($/kW)a 3000 1365 1000 2200
Fixed O&M cost ($/kW­year) 31 13 13 56
Variable O&M cost ($/MWh) 6 4 4 0
Fuel price ($/GJ) 1.5 6 6 0
Fuel carbon intensity (tCO2/GJ) 0.1 0.05 0.05 0
Heat rate (GJ/MWh)b 9.4 7.7 6.7 0
Cost of electricity ($/MWh) 71 87 63 114c

Carbon intensity (tCO2/MWh) 0.94 0.39 0.34 0
Cost of CO2 reduction ($/tCO2) Baseline 29 ­14 46

SCPC ­ super­critical pulverized coal;

All costs are in 2008 Canadian dollars (average conversion rate in 2008 CAD 1=USD 0.94).
a The source of capital costs of all generation technologies except cogeneration is [46]. Capital cost

of SCPC is based on a unit size of 450MW and that of CCGT is based on a unit size of 300MW. Co­

generation capital cost attributable to electricity generation is assumed to be the difference between

the capital cost of a cogeneration system ( gas turbine + HRSG) and that of an industrial boiler with

identical steam generation capacity.
b All heating values are based on higher heating values. Heat rate of the cogeneration unit is based

on the allocation method M1.
c Cost of wind energy does not includes the cost of new transmission developments required to

integrate wind and the cost associated with mitigating the intermittency of wind.



102

lower than estimates for carbon capture and storage from new coal power plants,

which are in the range of $70­100/tCO2 [58]. Given these results, cogeneration

presents an effective option to reduce the CO2 emissions of the Alberta electricity

sector.

Our analysis shows that, in general, the cogeneration option is economically

favourable compared to the baseline option. However, the economics of cogener­

ation are tightly correlated with natural gas and electricity prices. With a natural

gas price of $5/GJ and an electricity price of $60/MWh, the total cost of energy

input per barrel of bitumen produced under the baseline option is $6.6 and that of

the cogeneration option is $5.5. The market price of electricity varies hour to hour

throughout the day because different generation units are dispatched to meet the

time varying electricity demand at the minimum cost. On average we expect the

hourly electricity price to be equal to the marginal cost of generation, which in turn

depends primarily on the fuel cost for thermal electricity generation.

We examine the competitiveness of cogenerated electricity under historic elec­

tricity and natural gas prices in Alberta in order to determine the potential value

and role of cogeneration in the future. As discussed above we use the M1 alloca­

tion method to calculate the marginal fuel consumption for cogenerated electricity.

Under the M1 method, the implied heat rate of the cogeneration system in our il­

lustrative example system is 6.7GJ/MWh. The average annual natural gas price in

the years 2007 through 2009 in Alberta was $6.24/GJ, $7.81/GJ, and $3.93/GJ

respectively. The hourly electricity prices of the Alberta power market in those

years were less than the average fuel cost of cogenerated electricity 44%, 40% and

32% of the time respectively. We can also use the market heat rate8 to examine

the competitiveness of a generation technology under both electricity and natural

gas price fluctuations. In general, a generator with a heat rate above the prevailing

8Market heat rate=market price of electricity / natural gas price; expressed in GJ/MWh
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market heat rate is operating at a loss. The heat rate of the cogeneration system

we model (6.7GJ/MWh; M1 allocation method) is higher than the hourly market

heat rate in Alberta in the years 2007 through 2009 47%, 46% and 28% of the time

respectively. Conventional thermal generating units such as CCGT can adjust their

output in response to these market fluctuations (e.g., reduce output when market

price is low and vice versa). However, cogeneration units typically follow the host

facility’s thermal load and cannot reduce or shut down electricity production fol­

lowing the electricity price. Under these conditions, the economics from the power

sold by in­situ extraction projects is not always favourable so they may choose to

size power generation capacity to meet their own needs rather than sell to the grid.

4.4.2 Policy Implications

In order to determine whether the current Alberta policy is sufficient to incent

investments in cogeneration, we calculate the emissions reduction obligations of

the two options under SGER according to the guidelines set by Alberta Environ­

ment [138]. Results of SGER obligations calculations are shown in Figure 4.6 (see

Appendix C for SGER obligations calculations details). The baseline option has an

annual emissions reduction obligation of 63,000 tCO2 and the cogeneration option

earns 15,000 tCO2 of EPCs. As discussed in section 4.2.3, the present Alberta

GHG emissions reduction policy implicitly caps the price of carbon at $15/tCO2.

Therefore, the SGER compliance cost of the baseline option is $0.1/bbl of bitu­

men. For perspective, if this was factored into energy of this option, the energy cost

would increase by 1.5%. In case of the cogeneration option the EPCs earned under

SGER translates to a savings of $0.02/bbl of bitumen, reducing the energy cost

only by 0.4%. If the value of EPCs earned under SGER is attributed to electricity,

the marginal cost of cogenerated electricity will reduce by $0.34/MWh. As men­
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Figure 4.6: Emissions reductions obligations
The first two columns of this chart depict the emissions reduction obligations of the
baseline option and the cogeneration option under the current SGER rules. Next
four columns depict the emissions reduction obligations calculated with modified
SGER guidelines where the emissions intensity of cogenerated electricity under
different allocation methods (M1­M4) is used to calculate the deemed emissions
from electricity instead of the CCGT emissions intensity. This modification to the
present SGER rules creates an unfavourable situation for the cogeneration option
either by obligating to reduce emissions or by reducing EPCs. However, under
all allocation methods, except M2 method (energy based), the cogeneration option
is still the preferred option in terms of emissions reduction obligations. The last
two columns depict the amount of EPCs the cogeneration option under SGER if
Alberta grid intensities (average and marginal intensities) are used to calculate
the deemed emissions attributed to electricity. As can be seen from the figure,
such modifications to SGER rules create a favourable environment for cogeneration
option.
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tioned above, without SGER benefits, the marginal cost9 of cogenerated electricity

was higher than the electricity prices in Alberta in 2008 and 2009 40% and 32% of

the time respectively. Lowered marginal cost due to the SGER performance credits

of $0.34/MWh reduces the fraction of time where the marginal cost is higher than

the electricity price less than one percentage point in both years (we consider only

2008 and 2009 because the SGER compliance period started in 2008). Hence, the

current Alberta GHG emissions reduction regulation in its present form is not suf­

ficient to considerably increase the competitiveness of cogeneration and influence

cogeneration investment decision making.

Another limitation of SGER is the use of CO2 emissions intensity of a CCGT

unit to calculate the ‘‘deemed emissions attributed to electricity" as described in

section 4.2.3. In this case the SGER guidelines assume that in the absence of co­

generation systems, the electricity demand of the host facility will be met by CCGT

units. Given the present generation mix in Alberta and new generation additions

that either have regulatory approval or are under active construction, this is not

a realistic assumption [136]. Under the present regulatory environment, coal is

still likely to be the dominant generation technology, which will result in a high

average electricity emissions intensity. Instead of using the CO2 intensity of CCGT

(to calculate the ‘‘deemed emissions attributed to electricity"), one of the alloca­

tion methods could be used. However, this would create a worse off situation for

cogeneration, either by increasing the emissions reduction obligations (allocation

methods M1­M3) or by reducing the amount of EPCs that may be earned compared

to EPCs earned under current SGER rules (see Figure 4.6).

When there is a significant amount of cogeneration in the electricity generation

mix, the emissions intensity of cogenerated electricity, Icogen is required to calcu­

9Marginal cost is assumed to be equal to the sum of fuel cost and variable O&M costs
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late both the average and the marginal CO2 emissions intensity10. However, as

described in section 4.3, Icogen depends on the allocation method (i.e., how the

emissions are divided between electricity and heat/steam; see Figure 4.3) and

therefore, the method employed affects the average and marginal CO2 emissions

intensity. For example, as shown in Figure 4.4 the exact value of the total CO2

emissions and the average emissions intensity of the Alberta electric sector de­

pend on the allocation method used to calculate Icogen. It can also be seen that

the range widens with the increasing share of cogenerated electricity (in 2009 the

variability in total CO2 emissions depending on the allocation method employed

was 5.6 MtCO2). Therefore, a carbon management policy that uses the average or

marginal emissions intensities of the electric system must also set the allocation

method that should be used to calculate the emissions intensity of cogeneration

units. Furthermore, different cogeneration system configurations (steam turbine

based, gas turbine based etc.) that are/could be employed complicate the esti­

mation of emissions intensities by using aggregated data. For simplicity, when

preparing the emissions forecast depicted in Figure 4.4, we apply the Icogen values

(see Figure 4.3) from our model to all the cogeneration units in the Alberta genera­

tion mix. Through sensitivity analysis we are confident that the values we use are

of the same order of the magnitude of the emissions intensities of the respective

cogeneration units under the allocation methods M1­M4. A comprehensive survey

of cogeneration units employed in the generation mix is required to make a more

accurate estimate of associated emissions intensities.

10In Alberta currently about 30% of the electricity is generated by cogeneration units while they

operate in the margin (ie. set the price) 25% of the time on average [153,154]
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Figure 4.7: Emissions offset credits
CO2 emissions offset credits that may be earned by the cogeneration option are
depicted in this figure. The amount of credits depends on two factors: the allo­
cation method used to calculate the emissions intensity of cogenerated electricity
and the emissions intensity of displaced electricity. This figure shows the offset
credits under the four allocation methods we considered (M1­M4) and four dis­
placement scenarios (S1­S4). The group ‘‘carbon free electricity" shows the offset
credits earned by a carbon free electricity generation unit (such as wind power,
photovoltaics, biomass etc.) under the four displacement scenarios and is shown
for comparison. This may also viewed as the offset credits earned by the cogenera­
tion system if all the emissions are allocated to steam and electricity is considered
to be emissions free.

4.4.3 Policy Options

We explore alternate policy options and their ability to increase the competitiveness

of cogeneration. First, we consider a case where the carbon management policy

allows the cogeneration systems to earn carbon emissions offset credits for grid

electricity displacements. Annual offset credits that our modeled system may earn

under different allocation methods (M1­M4) and different electricity offset scenarios

(S1­S4) are shown in Figure 4.7. These credits are calculated using equation (4.11)
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as described in section 4.3. A comparison of Figures 4.6 and 4.7 shows that

all the offset scenarios except S4 with the allocation method M4 provides higher

credits for the cogeneration system than SGER EPCs. These offset credits may be

used to meet the facility’s own emissions reduction obligations or be sold to other

parties who have emissions reduction obligations. An Alberta based offset credits

market already exists to sell credits for parties who have SGER emissions reduction

obligations.

It is also possible to provide more credits to the facilities with cogeneration

within the SGER framework by changing the method used to calculate the deemed

emissions attributed to electricity. Instead of using the emissions intensity of

CCGT, as is the case of the current procedure, the average emissions intensity of

the Alberta electricity sector may be used. This would represent the case where

cogenerated electricity displaces the average generation mix, which is dominated

by coal fired generation. Use of the current average emissions intensity of 0.84

tCO2/MWh as the basis of calculating the deemed emissions attributed to electricity

would increase the EPCs earned by the cogeneration option to 292,000 tCO2 from

15,000 tCO2 under the current guidelines (see Figure 4.6). Attributing all the EPCs

earned under this modified SGER obligation calculation to electricity at $15/tCO2

reduces the marginal cost of cogenerated electricity by $6.7/MWh. Similarly, if a

cogeneration system operator participates in the electricity market by following load

(instead of following their own thermal demands) the marginal emissions intensity

of the Alberta electricity sector could be used to calculate the deemed emissions

attributed to electricity. These conditions result in a significant benefit for facilities

with cogeneration.

As discussed above when controlling carbon emissions from multi­product fa­

cilities such as cogeneration through regulations based on offset credits for lower
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carbon intensive technologies, or facility based intensity reduction targets such as

the SGER, the regulator is faced with the challenge of selecting the appropriate

method to allocate a facility’s emissions among multiple outputs. Furthermore,

in the case of offset credits based systems, particularly electricity offsets, there is

significant uncertainty in determining what is being displaced by the low carbon

alternative. This fact merit further analysis. For example, if the assumption is that

cogenerated electricity displaces a single type of generation technology such as coal

or CCGT (Figure 4.3 & 4.7; scenarios S3­S4), the CO2 intensity of a representative

unit of that technology should be determined at the time of policy adoption. That

decision should be made considering the existing generating units as well as future

generation unit additions. Of the four offset scenarios considered in this analysis,

the required information to calculate the grid average emissions (scenario S1) in­

tensity may be already available from various emissions reporting sources. For

example, Alberta’s ‘‘Specified Gas Reporting Regulation’’ requires the major CO2

emitters such as electric power producers to report their emissions annually [155].

Nevertheless, considerable uncertainty remains as to the accuracy of the assump­

tion the displaced electricity emissions intensity is equal to the average grid inten­

sity. Compared to other emissions intensities, the marginal emissions intensity,

which is required to calculate offset credits under scenario S2, is the most difficult

to calculate with reasonable certainty. In order to calculate the marginal intensity

the regulator must know which generating unit was operating at the margin over

a given time frame as well as its emissions intensity. In a deregulated market en­

vironment such information is privileged and only the independent electric system

operator (in Alberta the AESO) has the full knowledge of the marginal unit. Various

aggregated data sources are available (for example, [153] and [154]), although the

accuracy of the marginal emissions intensity derived from them is debatable.
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Figures 4.6 and 4.7 depict the uncertainties in the incentives or obligations

for the cogeneration system in our model due to different allocation methods and

electricity displacement scenarios. If the regulator chooses to implement carbon

pricing by using facility or product based regulations, the emissions accounting

methods must be chosen in such a way that they match the intended policy objec­

tives. For example, consider the results presented in Figure 4.6. If the objective of

the policy is to provide a significant amount of credits for cogeneration to promote

investment, the SGER rules may be modified, such that the deemed emissions at­

tributed to electricity is calculated using grid average intensity. Conversely, if the

policy maker wishes to promote low carbon emissions intensive operations without

giving as many credits as the current SGER rules, the deemed emissions attributed

to electricity may be calculated using the emissions intensity of cogenerated elec­

tricity under M1 allocation method. In this case no net credits are granted to a

bitumen extraction project with cogeneration, yet its emissions reduction obliga­

tions are lower than that of a project without cogeneration.

4.5 Conclusions

Oil sands operations will likely provide a significant share of crude oil deliveries

within North America for the next few decades, with corresponding demand for

natural gas and delivered electricity to support their operations. Use of cogener­

ation to satisfy the energy demands of oil sands operations may be an effective

strategy for reducing CO2 emissions of the electricity sector of Alberta. However,

this conclusion is likely to be true and most effective in the short run (before 2020)

when installed coal generation with limited emissions controls continues to supply

a significant fraction of electricity in the province. Beyond this point, it is likely that

displacement of electricity generated from natural gas (and other lower emissions
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intensity sources) may offset or diminish the value of cogeneration for carbon man­

agement in Alberta. In the face of this trend, with falling electric sector emissions,

long term oil­sand cogeneration benefits may be most effective and sustaining if

installed immediately.

Cogeneration can offset a significant and locationally important segment of Al­

berta’s base load electricity demand currently satisfied by coal fired generators. The

regulatory system can facilitate the integration of cogeneration systems within oil

sands operations through a combination of permits, tax incentives and regulatory

credits. The result in the short term will be measurable benefits from emissions re­

ductions associated with the electricity sector. However, since the present carbon

management policy of Alberta does not impose a significant marginal carbon price

signal there is limited influence on oil sands project operator’s decisions to invest

in cogeneration. With a strong carbon price signal, cogenerated electricity will be

a more competitive base load generation option.

A more efficient solution is available, simply by focusing on a carbon tax. Here,

the fuel used can be taxed based on its carbon intensity, resulting in an economy

wide, consistent carbon price. Use of a lower carbon intensive fuel such as natural

gas combined with the inherently high efficiency will make cogeneration competitive

compared to other electricity generation technologies (see Table 4). Furthermore,

enforcing a price on carbon at the source eliminates the need for down stream car­

bon accounting that demands significant data collection and complex accounting

methods.

When facing a lack of political will for a carbon tax, alternative methods should

be chosen to mimic the effect of such a tax. This merits further research. For

example with respect to cogeneration, future work could provide guidance on the

accounting methods such as co­product allocation that provide the same level of
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incentives as a carbon tax.

We may draw more general lessons from this analysis. Regulations that at­

tempt to manage emissions on a product and facility basis may become arbitrary

and complex as regulators attempt to approximate the effect of an economy­wide

carbon price. If one counts only the direct emissions from facilities, then the sys­

tem is simple, but encourages counterproductive activity as industry might try to

move emissions outside their ‘‘fence". Though less supported in the current po­

litical climate, economy­wide policies would address off­site emissions in a more

direct manner. Regulators can attempt to improve the regulations by accounting

for indirect emissions on a product basis, in this case emissions from purchased

electricity, to avoid such perverse outcomes. But as one adds more complexity the

system becomes more arbitrary, and more subject to gaming by industry.

Improvements to the transparency of carbon management policies include clearly

stating the methods for accounting procedures and assumptions made. In addi­

tion, all the data associated with calculating emissions of a product or a facility

should be made easily accessible in the public domain. As demonstrated in this

analysis, a number of rational emissions accounting methods are available and

they provide different levels of incentives for cogeneration. Therefore, policy mak­

ers should select the appropriate accounting methods that reflect the intended

policy goals.
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Chapter 5

Conclusions

This thesis explored the effectiveness of wind power and natural gas fired cogener­

ation for carbon management of electric power systems using the Alberta electric

power system as a case study. The results of this work are intended to support

efficient climate change mitigation policy making. While the principal focus is

carbon management of electric power systems, this thesis also examined strate­

gic solutions for the challenges faced by a wind power producer participating in

conventional electricity markets.

Chapter 2 assessed the effectiveness of wind power for carbon emissions man­

agement of electric power systems. Operations of Alberta electric power system

with wind penetration levels of 0­60% were simulated in order to assess the carbon

emissions abatement potential of wind power. The main contribution of this work

is a set of carbon abatement supply curves. Policy makers can use these supply

curves to weigh the competitiveness of wind power for carbon management against

other available options. In this chapter, it was shown that after accounting for the

costs and CO2 emissions incurred in mitigating variability, wind power has the po­

tential to abate 2­16 million tCO2/year in Alberta at a marginal abatement cost of

110­120 $/tCO2 (in 2010 Canadian dollars). In the Alberta electric power system,

under the assumed conditions, the cost of wind power variability and uncertainty

was a modest 1­4 $/MWh of wind power at wind power penetration levels of 5­60%.

In many jurisdictions electric power generation is a competitive business. There­

fore, the market competitiveness of wind power is important to attract investments.

Due to the variability and uncertainty of wind power, two factors—potential low
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correlation of wind power production with demand and having to settle energy

imbalances—may lead to lower profits for a WPP participating in conventional elec­

tricity markets. Chapter 3 explored the use of CAES systems to mitigate those

challenges. The main contribution of this chapter is the development of a model

that can be used to assist optimal operations decisions of a WPP and a CAES sys­

tem that jointly participate in a day­ahead electricity market. The model inherently

takes the uncertainty in future wind power availability and price of electricity by

utilizing a two­stage stochastic programming approach. The main results of the

model are a set of robust bids for a day­ahead electricity market and a set of CAES

system operating rules. Results of a case study conducted using the model showed

that integrating a CAES system with a WPP is an effective strategy for increasing the

economic value of wind power, managing energy imbalances, and managing finan­

cial risks. The advantage of taking a stochastic programming approach for decision

modeling under uncertainty was demonstrated by quantifying the expected value

of perfect information.

Chapter 4 assessed the role of cogeneration for managing carbon emissions in

Alberta. The analysis is extended to evaluate the effectiveness of Alberta’s cur­

rent and alternative carbon emissions control regulations. The results suggest

that the use of cogeneration for satisfying the energy demands of the oil sands

operations in Alberta is an effective option for reducing carbon emissions from Al­

berta’s electricity sector. However, the long term emissions reduction benefits of

oil­sand cogeneration may be most effective and sustained if installed immediately.

This analysis showed that the current emissions control regulation of Alberta does

not create a strong marginal carbon price that can influence the investments on

low carbon intensive electricity generation technologies such as cogeneration. By

taking oil­sands cogeneration as an example case, the analysis provided policy in­
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sights that illustrate how the choice of accounting methods may complicate the

implementation of facility­ or product­based carbon emissions control regulations

such as Alberta’s current regulation. The analysis results showed that the different

accounting methods and calculations of electricity offsets could lead to very differ­

ent levels of incentives for cogeneration. We conclude that the choice of emissions

accounting methods for facility­ or product­based regulations should involve the

policy maker and be driven by policy goals.
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Appendix A

List of Power Generating Units

Generating units in the power system simulation models developed in chapter 2
are listed in table A.1.

Table A.1: Power generating units

Unit ID Bus Pmin Pmax Type a Heat rateb Ramp rate Start up fuel Min. up time Min. down time
(MW) (MW) (GJ/MWh) (MW/min) (GJ) (hours) (hours)

101 3 60 148 PC 12 2 2500 48 24
102 3 60 148 PC 12 2 2500 48 24
103 3 147 368 PC 11 3 3000 48 24
104 4 154 384 PC 10 3 3000 48 24
105 4 154 384 PC 10 3 3000 48 24
106 4 158 450 SCPC 9 5 3000 48 24
107 6 60 143 PC 16 2 3000 48 24
108 4 152 381 PC 10 3 3000 48 24
109 4 152 381 PC 10 3 3000 48 24
110 1 151 378 PC 11 3 3000 48 24
111 1 151 378 PC 11 3 3000 48 24
112 4 112 280 PC 11 3 3000 48 24
113 4 112 280 PC 11 3 3000 48 24
114 4 141 353 PC 11 3 3000 48 24
115 4 162 406 PC 11 3 3000 48 24
116 4 141 353 PC 10 3 3000 48 24
117 4 160 399 PC 10 3 3000 48 24
118 4 112 279 PC 12 2 3000 48 24
210 2 10 250 CCGT 8 12 375 4 2
215 6 5 25 SCGT 13 5 65 1 1
207 4 9 46 SCGT 13 5 120 1 1
209 1 5 27 SCGT 13 6 70 1 1
226 6 10 48 SCGT 13 5 125 1 1
228 6 5 26 SCGT 17 3 88 1 1
229 6 8 40 SCGT 16 4 128 1 1
230 6 4 21 SCGT 16 3 67 1 1
241 6 9 45 SCGT 12 5 108 1 1
201 5 37 184 Cogen 7.5 7 49 4 3
202 5 16 80 Cogen 7.5 3 21 4 3
203 6 10 50 Cogen 7.5 2 13 4 3
204 6 6 30 Cogen 7.5 1 8 4 3
205 3 1 6 Cogen 7.5 1 2 4 3
206 3 19 95 Cogen 7.5 4 25 4 3
208 5 65 326 Cogen 7.5 13 86 4 3
211 6 2 12 Cogen 7.5 1 3 4 3
212 2 24 120 Cogen 7.5 5 32 4 3
213 6 9 47 Cogen 7.5 2 12 4 3
214 5 16 80 Cogen 7.5 3 21 4 3
216 3 95 474 Cogen 7.5 15 125 4 3
217 5 33 165 Cogen 7.5 7 44 4 3
218 5 36 180 Cogen 7.5 7 47 4 3
222 1 48 239 Cogen 7.5 10 63 4 3
223 5 40 200 Cogen 7.5 8 53 4 3
224 2 24 120 Cogen 7.5 5 32 4 3
225 5 36 180 Cogen 7.5 7 47 4 3
227 5 17 85 Cogen 7.5 3 22 4 3
231 6 9 47 Cogen 7.5 2 12 4 3
232 6 9 47 Cogen 7.5 2 12 4 3
233 5 8 40 Cogen 7.5 2 11 4 3
234 4 4 19 Cogen 7.5 1 5 4 3

Continued on next page
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Table A.1 – continued from previous page

Unit ID Bus Pmin Pmax Type a Heat rateb Ramp rate Start up fuel Min. up time Min. down time
(MW) (MW) (GJ/MWh) (MW/min) (GJ) (hours) (hours)

237 5 105 525 Cogen 7.5 15 138 4 3
238 5 102 510 Cogen 7.5 19 135 4 3
239 4 2 11 Cogen 7.5 1 3 4 3
240 4 8 39 Cogen 7.5 2 10 4 3
301 3 0 120 Hydro ­ 24 0 0 0
302 2 0 320 Hydro ­ 64 0 0 0
303 3 0 350 Hydro ­ 70 0 0 0
304 1 0 89 Hydro ­ 6 0 0 0
501 6 10 99 Biomass 12 1.7 0 4 3
502 1 7 36 Biomass 12 0.6 0 4 3
503 3 2 11 Biomass 12 0.2 0 4 3
504 6 5 27 Biomass 12 0.5 0 4 3
507 6 4 18 Biomass 12 0.3 0 4 3
508 6 5 25 Biomass 12 0.4 10 4 3
401 1 0 500 Wind ­ ­ 0 0 0

a PC ­ Pulverized coal; SCPC ­ Super critical pulverized coal; CCGT ­ Combined cycle gas turbine; SCGT ­ Simple cycle gas
turbine; Cogen ­ Cogeneration (natural gas fired)
b Higher heating value (HHV) basis
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Appendix B

Optimal Operation of Stand­alone Wind Power
Generation System

Nomenclature

Sets, indices, and parameters

S, s Set and index of scenarios
T, t Set and index of time
ω1, ω2 Weighting factors that set the risk preference
τ Optimization time step (=1h)
ρs Probability of scenario s
πst Market price under scenario s in hour t [$/MWh]
Wst Output of the wind power system under scenario s in hour t [MW]
λ Penalty factor for energy imbalance
Pwmax Maximum power generation limit of the wind farm [MW]
Ptx Maximum available transmission capacity [MW]
Pramp Maximum allowable ramp rate [MW/h]

Decision variables

gwst Power output of the wind farm in hour t under scenario s [MW]
bwt Energy bid to the day ahead market by the wind farm in hour t [MWh]
αw Profit threshold level [$]

Model Formulation

The objective of the operator of the standalone wind power generation system,
represented by the objective function (B.1), is to maximize the profits earned by
selling wind energy, taking into account any imbalance settlements under each
scenario s. Wind energy sold, gwsh, in each scenario is constrained by the wind
energy production level in the respective scenario, Wsh (B.2). Hourly energy bids,
bwt to the day­ahead market are constrained by the installed wind capacity (B.3).
Constraint (B.4) represents the transmission limitation. The inter­hour ramping
limit is enforced by (B.5). The model can be implemented as a linear programming
problem (LP).
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maximize ω1(
∑

s∈S

ρsB
w
s ) + ω2(α

w −
1

(1− β)

∑

s∈S

ρs · [α
w − Bw

s ]
+) (B.1)

where, Bw
s = (πstg

w
st · τ − λ · πst|g

w
st · τ − bwt |); ω1, ω2 ≥ 0

subject to :

0 ≤ gwst ≤ Wsh, ∀s ∈ S, ∀t ∈ T (B.2)

0 ≤ bwt ≤ Pwmax · τ, ∀s ∈ S, ∀t ∈ T (B.3)

0 ≤ gwst ≤ Ptx, ∀s ∈ S, ∀t ∈ T (B.4)

0 ≤ |gwst − gwst−1| ≤ Pramp, ∀s ∈ S, ∀t ∈ T (B.5)
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Appendix C

SGER Obligations Calculations

The total fuel consumed, electricity generated/imported, and CO2 emissions under
the ‘‘Baseline Option" and the ‘‘Cogeneration Option" are calculated using equations
(4.1)­(4.5) listed in section 4.3. These results are listed in tables C.1 and C.2.

Table C.1: Mass and energy balances of the ‘‘Baseline option"

Hourly amount Annual amount

Electricity Imports, E 15 MWh 120 GWh
Steam enthalpy, H 1600 GJ 124400 TJ
Boiler feed water enthalpy, Hfw 480 GJ 4 TJ
Boiler fuel input, FB 1300 GJ 10400 TJ
Bitumen production, PB 1250 bbl 1000000 bbl

Table C.2: Mass and energy balances of the ‘‘Cogeneration option"

Hourly amount Annual amount

Electricity production, Ec 83 MWh 650 GWh
Electricity exports, Eexp 68 MWh 530 GWh
Gas turbine fuel input, FT 1020 GJ 8000TJ
HRSG steam enthalpy, H1 1100 GJ 8800 TJ
HRSG feed water enthalpy, Hfw1 330 GJ 2600 TJ
HRSG fuel input, FG 450 GJ 3700 TJ
Supplementary boiler steam enthalpy, H2 590 GJ 3800 TJ
Supplementary boiler feed water enthalpy, Hfw2 150 GJ 1100 TJ
Supplementary boiler fuel input, FSB 400 GJ 3100 TJ
Bitumen production, PC 1250 bbl 1000000 bbl

Emissions reduction obligation under Alberta’s Specified Gas Emitters Reg­
ulation (SGER) is calculated using the guidelines set by Alberta Environment
[138,139]. We assume that the facility represented in the model commenced its
commercial operations after 2000 (therefore, considered as a ‘‘new facility" under
SGER) and has completed more than 8 years of operations. We also assume that
the facility’s bitumen production and fuel consumption does not significantly vary
from the baseline year (According to SGER guidelines the baseline year for a ‘‘new
facility" is the third year of its commercial operations). For simplicity we calculate
only the emissions reduction obligations associated with satisfying the facilities
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steam and electricity demand. Furthermore, we consider only the CO2 emissions,
excluding other GHGs. The SGER emissions reduction obligation (ERO) is calcu­
lated using equation (C.1) [139].

ERO = TAE − BEI · (1− t) · P (C.1)

where, TAE = Total annual GHG emissions (Jan 1­Dec 31)

BEI = Baseline emissions intensity

t = Emissions reduction target (currently 12%)

P = Facility’s annual bitumen production (Jan 1­Dec 31)

If ERO is positive, the facility must submit compliance options. If ERO is neg­
ative the facility has earned ‘‘Emissions Performance Credits (EPC)". EPCs may be
sold to parties with reduction obligations or be banked or future use.

The BEI and TAE of the ‘‘baseline option" are calculated using equations (C.2)
and (C.3) respectively.

BEIabseline =
TAEbaseline year

Pbaseline year

(C.2)

TAE = FB · Icng (C.3)

where, Icng = CO2 emissions intensity of natural gas (assumed to be 0.0503 tCO2/GJ)

SGER recognizes the energy efficiency gains achievable through cogeneration
and attempt to incentivize a facility with cogeneration by requiring to comply only
for the emissions associated with thermal energy production. The BEI and ERO
calculations are adjusted to exclude the emissions associated with electricity pro­
duction. In this analysis we use the SGER guidelines set for an ‘‘Integrated Co­
generation Facility". Integrated cogeneration facilities are those that, in addition to
the cogeneration units, also have other means of producing thermal energy and/or
electricity (in our illustrative example system, under the cogeneration option there
is a supplementary boiler to produce additional steam). Under SGER the following

assumptions are made in calculating BAI and TAE of a cogeneration facility:

1. In the baseline year, thermal energy is generated by a boiler with a thermal
efficiency of 80% (SGER guidelines does not specify whether this is in higher
heating value (HHV) or in lower heating value (LHV); we assume HHV for our
calculations).

2. In the absence of the cogeneration unit, the power producer would have to
build a natural gas fired combined cycle gas turbine (CCGT) based power
plant to satisfy the facilities electricity demand. Therefore the GHG emissions
intensity of the cogenerated electricity is equal to 0.418tCO2/MWh, which is
the GHG intensity of the CCGT power plant.
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The BEI of the integrated cogeneration facility is calculated using the equations
(C.7)­(C.7):

Gt = (Ft + FG) · Icng (C.4)

TAEcogen = (FT + FG + FSB) · Icng (C.5)

DH =
H1 −Hfw1

0.8
· Icng (C.6)

BEIcogen =
(TAEcogen(baseline year) −Gt(baseline year)) +DH

Pbaseline year

(C.7)

where, Gt = Annual CO2 emissions from the fuel consumed by the cogeneration unit

DH = Deemed CO2 emissions from heat production

In ERO calculations, the emissions associated with electricity are excluded by
subtracting out ‘‘deemed CO2 emissions from electricity generation, DE". Equations
(C.8)­(C.9) are used to calculate ERO.

DE = 0.418EC (C.8)

EROcogen = (TAEcogen −DE)− BEIcogen · (1− t) · P (C.9)

Results of SGER obligations calculations are listed in table C.3. In this exam­
ple, under the ‘‘cogeneration option" the facility has earned EPCs that amounts to
15000 tCO2.

Table C.3: SGER obligations

Baseline option Cogeneration option

Baseline emissions intensity (BEI) 0.05 tCO2/bbl 0.06 tCO2/bbl
Total annual emissions (TAE) 520 ktCO2 740 ktCO2

Emissions reduction obligation (ERO) 63 ktCO2 ­15 ktCO2
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Appendix D

Alberta Grid Average and Marginal Emissions Intensity
Calculations

Average and marginal CO2 emissions intensity of the Alberta Electric System is cal­
culated using the data published by the Alberta Electric Systems Operator (AESO).
The amount of generation in Alberta by generation technology for the period 2000­
2008 is listed in Table D.1 [153]. CO2 intensity of each generation technology is
listed in Table D.2.

Table D.1: Alberta’s electricity production by generation technology (in GWh)

Coal Gas Cogeneration Hydro Wind Other Imports

2000 40,885 8,477 2,699 1,687 36 275 1,307
2001 41,753 5,011 5,662 1,424 112 261 908
2002 42,853 2,382 6,736 1,650 209 311 1,135
2003 41,608 1,781 8,433 1,717 341 315 1,328
2004 42,203 2,071 8,369 1,930 549 316 1,492
2005 43,905 1,760 7,298 2,324 764 373 1,535
2006 44,576 1,928 7,917 1,804 860 490 1,517
2007 44,191 1,734 8,509 2,050 1,451 497 1,467
2008 42,270 1,676 8,148 2,025 1,543 358 2,248

Source: [153]

Table D.2: CO2 intensity of the generation technology (in tCO2/MWh)

Year Coal Gas Cogeneration Hydro Wind Other Imports

CO2 intensity 1.034 0.5 0.19 ­ 0.41 0 0 0 0

Table D.2 notes:

i CO2 emissions intensity of coal fired electricity is calculated by assuming the average heat rate of coal fired generation units in Alberta to be 11.4
GJ/MWh [48] and the CO2 intensity of coal to be 0.09 tCO2/GJ [56]

ii The ‘‘Gas" category includes both CCGT and SCGT based natural gas fired generation and a weighted average CO2 intensity is used for the calculations.
Heat rate data of the natural gas fired generation units is obtained from [48]. The CO2 intensity of natural gas is assumed to be 0.05 tCO2/GJ [56]

iii Cogeneration emissions intensities are calculated as described in the section 4.3.

iv The ‘‘Other" category is mainly consists of biomass based generation and therefore zero CO2 intensity is assumed

v Zero carbon intensity is assumed for imports as the generation takes place outside of Alberta

The average CO2 intensity, Ic_ABav of a given year is calculated using equation
(D.1) and the data in tables D.1 and D.2. Figure D.1 depicts the calculated Ic_ABav

values for the period 2000­2008.
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Ic_ABav =

∑

Ef · Icf
∑

Ef

(D.1)

where, f = coal, gas, cogeenration, hydro, wind, other, imports

Ef = Amount of electricity generated by technology f in a given year

Icf = CO2 intensity of the technology f

As discussed in sections 4.4.1 and 4.4.2, CO2 intensity of cogenerated electricity
depends on the allocation method and therefore the grid average CO2 (and the
marginal emissions intensity) too depends on the allocation method. Variations
in the gird average CO2 intensity due to the allocation method used is depicted in
Figure S1.

2000 2001 2002 2003 2004 2005 2006 2007 2008
0

0.1

0.2

0.3

0.4

0.5

0.6

0.7

0.8

0.9

A
ve

ra
ge

 C
O

2 in
te

ns
ity

, t
C

O
2/M

W
h

Year

Figure D.1: Average CO2 intensity of the Alberta Grid in years 2000 to 2008
Light blue areas depict the variations of the grid average CO2 intensity of each year
due to the allocation method used to divide fuel between cogenerated steam and
electricity.

We calculate the marginal CO2 emissions intensity of the Alberta grid, Ic_ABom

assuming that the marginal unit of the generation stack is the price setting genera­
tor. In order to calculate the marginal CO2 intensity accurately, detailed generation
dispatch information such as the time each generator operates at the margin and
their heat rates are required. However, this data is kept confidential in a com­
petitive power market environment as in the case of Alberta. Therefore we use an
aggregated data set published by the AESO [153] to calculate the marginal CO2

intensity of the Alberta grid. This data set is listed in Table D.3 and specifies the
percentage of time each generation technology sets the system price from 2000
to 2008. The marginal CO2 intensity, calculated by equation (D.2), is the time
weighted sum of the CO2 intensities of generation technologies that are listed in
table D.2.
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Table D.3: Percentage of the time different generation technologies set the price in
Alberta’s whole sale electricity market.

Year Coal Cogeneration Gas Hydro Import Load

2000 12% 5% 45% 9% 29% 1%
2001 35% 14% 47% 4% 0% 0%
2002 47% 22% 29% 3% 0% 0%
2003 49% 26% 24% 1% 0% 0%
2004 46% 17% 36% 1% 0% 0%
2005 57% 25% 16% 2% 0% 0%
2006 59% 23% 17% 1% 0% 0%
2007 68% 22% 10% 1% 0% 0%
2008 50% 34% 15% 1% 0% 0%

Ic_ABom =
∑

Mf · Icf (D.2)

where, f = coal, gas, cogeenration, hydro, wind, other, imports

Mf = Percentage of the time the generation technology f sets the system price

Icf = CO2 intensity of the technology f

The marginal CO2 intensities of the Alberta grid for the period 2000­2008 are
shown in figure D.2. As can be seen from that figure and table D.3 the amount
of time cogeneration sets the system price is increasing and therefore the effect of
the allocation method on the marginal CO2 intensity too has increased during this
period.
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Figure D.2: Marginal CO2 intensity of the Alberta grid
Light blue areas depict the variations of the grid average CO2 intensity of each year
due to the allocation method used to divide fuel between cogenerated steam and
electricity.
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Appendix E

CO2 Emissions Forecast of the Alberta Electric System

In this section we present the modelling details of the Alberta electricity sector
CO2 emissions forecast to 2020 presented in section 4.4.1 (Figures 4.4 & 4.5).
This forecast was developed considering the present fleet of generators, planned
generation additions and retirements, and effective generation capacity required to
meet the forecasted demand growth in Alberta to the year 2020. According to the
AESO’s forecast, peak demand in Alberta in 2020 will be 15350 MW. In order to
maintain system reliability the AESO requires a 10% generation reserve margin.
Therefore by 2020 the Alberta Electric System requires an installed generation
capacity of 16885 MW. Because of the intermittency of wind and hydro generators
their capacity should be de­rated to determine the effective generation capacity
available to satisfy the peak load. The AESO de­rates the installed wind capacity to
20% and hydro capacity to 50­67% [46]. In this forecast we de­rate wind capacity to
20% and hydro capacity to 62% (de­rating factor was chosen based on the installed
capacities of reservoir based hydro units versus run­of­the­river hydro units). Table
E.1 lists the installed generation capacity at the end of 2009, the effective generation
capacity after de­rating wind and hydro, and planned generation retirements and
additions between 2010 and 2020. The majority of the planned unit retirements
are older coal units due to the expiration of power purchase agreements (PPA) in
the period of 2017­2020. Currently these coal units mainly satisfy baseload. In
our model the generation projects that are under active construction and those
with regulatory approval as planned additions are included. After adjusting for
the retirements, additions and de­rating wind and hydro installed capacity, the
effective generation capacity in Alberta in 2020 is 12059MW, 4826MW short of
satisfying the forecasted peak demand in 2020.

We consider three generation scenarios to meet the capacity shortage mentioned
above. Factors that are taken into account to develop these scenarios include the
resource availability, generation projects that have applied for regulatory approval
[136], forecasted growth of the oil sands sector, and future electricity generation
scenarios used by the AESO in its long term transmission expansion plan [46].
The three scenarios are listed in table E.2. The assumptions made to formulate the
scenarios are described below:

• Considering the generation projects that have applied for regulatory approval
and the AESO’s generation forecast, all three scenarios include 350MW of
CCGT, 600MW of SCGT and 1200MW of wind.

• Every scenario includes 550MW of new coal fired generation. This includes a
450MW brown­field unit addition and expansion of the capacity of the existing
units totalling 100MW.

• All three scenarios include 1300MW of new cogeneration additions. This
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includes the capacity expansion of existing cogeneration systems; integration
of cogeneration into existing oil sands operations based on oil sands project
operators announcements.

• Scenario GS1 includes an additional four 450MW coal fired generation units
making the total coal capacity in GS1 2350MW. This scenario is plausible
due to the large amount of coal reserves in the north­central region of the
province closer to existing coal fired generation sites and the new transmis­
sion expansions announced by the AESO.

• Scenario GS2 includes an additional 1800MW of new cogeneration. This is
also plausible due to the forecast growth in oil sands projects as described in
section 2.1. The total cogeneration capacity in GS2 is 2100MW.

• Scenario GS3 includes an additional 1800MW of new CCGT capacity making
the total CCGT capacity 2150MW. Under strict carbon control regulation, it
is plausible that the baseload generation will be dominated by CCGT units.
Two proposed CCGT projects with a total capacity of 1150MW have received
regulatory approval [136].

Table E.1: Installed electricity generation capacity in Alberta (in MW)

Coal CCGT SCGT Cogen Hydro Wind
Biomass
& other Total

Installed capacity at the
end of 2009 5946 337 627 3869 871 563 284 12497

Planned Retirements
(2010­2020) 1096 0 105 0 0 0 0 1201

Planned additions
(2010­2020) 496 0 417 455 100 406 33 1907

Net installed capacity in
2020 after retirements
and additions 5346 337 939 4324 971 969 317 13203

Effective generation ca­
pacity in 2020 after de­
rating wind and hydro 5346 337 939 4324 602 194 317 12059

Sources: [46,156]

Capacities of these three scenarios are linearly added to the installed capaci­
ties listed in table E.1 (Figure E.1). We then assume these generation units will
operate with their typical average utilization factors (ie. coal: 80%, CCGT: 50%,
SCGT: 10%, hydro: 40%, wind: 30%, biomass & other: 50%) to calculate annual
electricity generation by each technology. However, in the case of GS3, we assume
a capacity factor of 90% for CCGT units as they provide the baseload power. The
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Table E.2: Generation Scenarios

Generation
Scenario
1 (GS1)
(MW)

Generation
Scenario
2 (GS2)
(MW)

Generation
Scenario
3 (GS3)
(MW)

Coal 2350 550 550

CCGT 350 350 2150

SCGT 600 600 600

Cogeneration 1300 2100 1300

Wind 1200 1200 1200

Total generation capacity 5800 5800 5800

Total effective generation capacity 4840 4840 4840
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Figure E.1: Forecasted installed generation capacity in Alberta (2009­2020)

annual electricity production of each technology is then multiplied by the emis­
sions intensities listed in Table S2 and summed to estimate the total annual CO2

emissions from electricity generation. The estimated CO2 emissions from electric­
ity generation in the period 2009­2020 is appended to the actual CO2 emissions
from electricity generation in the period 2000 to 2008. Figure 4.4 depicts the CO2

emissions under the generation scenarios GS1 and GS2. The same results under
the generation scenarios GS2 and GS3 are depicted in figure 4.5. As can be seen
from figure 4.5, the CO2 emissions under the high cogeneration scenario GS2 is
only 2­5% (depending on the allocation method employed for cogeneration units)
lower than the emissions under the high CCGT scenario GS3.


